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EXECUTIVE SUMMARY 


In	 2006,	 the	 United	 States	 Environmental	 Protection	 Agency	 (EPA)	 strengthened	 the	 24‐hour	 PM2.5	
standard	from	65	micrograms	per	cubic	meter	(µg/m3)	to	35	µg/m3.		Three	areas	of	the	state	(Salt	Lake	
City	including	Davis	County,	Logan,	and	Provo)	were	designated	as	nonattainment	for	the	24‐hour	PM2.5	
standard.	As	of	the	December	31,	2015	attainment	date,	all	three	of	Utah’s	PM2.5	nonattainment	areas	were	
found	to	be	exceeding	the	24‐hour	PM2.5	standard.	Thus,	EPA	reclassified	each	of	the	three	areas	to	serious	
nonattainment.		


Once	 reclassified	 to	 serious,	 the	 attainment	 date	 for	 the	 areas	 is	 December	 14,	 2019.	 A	 serious	
nonattainment	area	PM2.5	SIP	is	being	prepared	by	the	Utah	Division	of	Air	Quality	(UDAQ)	following	the	
requirements	detailed	in	40	Code	of	Federal	Regulations	(CFR)	51	Subpart	Z.	This	rule	requires	the	UDAQ	
to	identify,	adopt	and	implement	Best	Available	Control	Measures	(BACM)	on	major	sources	of	PM2.5	and	
PM2.5	precursors	which	include	sulfur	dioxide	(SO2),	oxides	of	nitrogen	(NOx),	volatile	organic	compounds	
(VOC),	and	ammonia	(NH3).	


PacifiCorp’s	Lake	Side	Power	Plant	has	potential	to	emit	emissions	of	PM2.5	and/or	PM2.5	precursors	above	
the	 70	 tons	 or	 more	 per	 year	 and	 is	 thus	 classified	 as	 a	 major	 source	 which	 is	 subject	 to	 the	
implementation	 rule.	 As	 a	major	 source	 subject	 to	 the	 rule,	 the	UDAQ	has	 requested	 assistance	 from	
PacifiCorp	 in	 determining	 acceptable	 pollution	 controls	 that	meet	 Best	 Available	 Control	 Technology	
(BACT)/BACM	controls.		


Table	E‐1	summarizes	the	BACT/BACM	and	emission	limits	for	Lake	Side	Power	Plant	emission	sources.	


Table E-1 BACM Summary for Lake Side Power Plant 
Pollutant BACM Emission Limit 


Combustion Turbines (EU#1, EU#2, EU#9, EU#10)  
NOx	 Dry	low	NOx	combustors,	


selective	catalytic	reduction,	
and	good	combustion	
practices.		


2.0	ppmvd	@	15%	O2	based	on	3‐hr	average	and	14.9	
lb/hr	(steady	state	–	EU#3).	
2.0	ppmvd	@	15%	O2	based	on	3‐hr	average	and	18.1	
lb/hr	(steady	state	–	EU#11).	
25	ppmvd	@	15%	O2	(short‐term	excursions	–	EU#3	
and	EU#4).	
≤130	lb/hr	during	startup	and	shutdown	(EU#11).	
112.0	ppmvd@15%	O2	based	on	4‐hr	rolling	average	
(turbine	only	EU#3).	
15	ppmvd@15%O2	based	on	30‐day	rolling	average	
(EU#11).	
0.20	lb/MMBtu	(duct	burner	–	EU#3)	based	on	30‐day	
rolling	average.	


SO2	 Use	of	pipeline‐quality	natural	
gas	and	fuel	sulfur	limit.	


≤0.8%	sulfur	content	(EU#3).	
≤0.060	lb/MMBtu	(EU#11).	


PM2.5	 Air	inlet	filters,	good	
combustion	practices,	dry	low	
NOx	combustors,	and	use	of	
pipeline‐quality	natural	gas.	


14	lb/hr	(with	duct	firing)	for	each	HRSG	stack	based	
on	a	30‐day	rolling	average	(EU#11).	


VOC	 Good	 combustion	 practices,	
dry	 low	 NOx	 combustors,	 and	
oxidation	catalysts	system.	


2.8	ppmvd@15%O2	(EU#11)	based	on	3‐hr	testing	
average.	


NH3	 BACM	for	NOx.	 Proposed	‐	ammonia	slip	10	ppmvd	(EU#3,	EU#11).	
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Table E-1 (Continued) BACM Summary for Lake Side Power Plant 
Pollutant BACM Emission Limit 


Auxiliary Boilers and Dew Point Heaters (EU#4, EU#5, EU#13) 
NOx	 Low	NOx	burners,	good	combustion	


practices,	and	use	of	pipeline‐quality	
natural	gas.	


0.017	lb/MMbtu	based	on	3‐hr	testing	average	
(EU#13).	


SO2	 Use	of	pipeline‐quality	natural	gas	
with	a	sulfur	limit	of	20	grains/100	scf	
or	≤0.8%.	


≤0.8%	sulfur	content.	


PM2.5	 Good	combustion	practices	and	use	of	
pipeline‐quality	natural	gas	


0.01	lb/MMBtu	based	on	3‐hr	testing	average	
(EU#4,	EU#13).	


VOC	 Efficient	boiler	design,	good	
combustion	practices,	and	use	of	
pipeline‐quality	natural	gas.	


0.006	lb/MMBtu	on	a	3‐hour	testing	average.	


Emergency Diesel Engines (EU#6, EU#7, EU#14) 
NOx	 Good	combustion	practices	and	hour	


of	operation	limit.	
None	proposed.	


SO2	 Ultra‐low	sulfur	fuel,	good	combustion	
practices	and	hour	of	operation	limit.	


None	proposed.	


PM2.5	 Ultra‐low	sulfur	fuel,	good	combustion	
practices	and	hour	of	operation	limit.	


None	proposed.	


VOC	 Good	combustion	practices	and	hour	
of	operation	limit.	


None	proposed.	


Cooling Tower (EU#8, EU#12) 
PM2.5	 Drift	Eliminators.	 None	proposed.	
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1.0  INTRODUCTION 
	
In	 2006,	 the	 United	 States	 Environmental	 Protection	 Agency	 (EPA)	 strengthened	 the	 24‐hour	 PM2.5	
standard	from	65	micrograms	per	cubic	meter	(µg/m3)	to	35	µg/m3.		As	such,	all	or	portions	of	seven	Utah	
counties	failed	to	meet	the	new	24‐hour	PM2.5	standard.	Ultimately,	only	three	areas	of	the	state	(Salt	Lake	
City	including	Davis	County,	Logan,	and	Provo)	were	designated	as	nonattainment	for	the	24‐hour	PM2.5	
standard.	 	 Once	 an	 area	 is	 designated	 as	 nonattainment,	 the	 Clean	 Air	 Act	 requires	 that	 fine	 particle	
pollution	be	controlled	by	a	state,	and	state	implementation	plan	(SIP)	detailing	how	and	when	the	24‐
hour	PM2.5	standard	would	be	met	are	required	to	be	prepared	and	submitted	to	EPA	for	approval.			


The	moderate	PM2.5	nonattainment	areas	were	required	to	meet	the	new	standard	by	2014.	However,	as	
the	SIP	for	Salt	Lake	City	was	nearing	completion,	the	D.C.	Circuit	Court	of	Appeals	found	that	EPA	had	
incorrectly	interpreted	the	Clean	Air	Act	when	determining	how	to	implement	the	National	Ambient	Air	
Quality	Standards	(NAAQS)	for	PM2.5.	 	The	January	4,	2013	court	ruling	held	that	the	EPA	should	have	
implemented	the	PM2.5	NAAQS	based	on	both	Clean	Air	Act	(CAA)	Subpart	1	and	Subpart	4	of	Part	D,	title	
1.		Previously,	EPA	had	(incorrectly)	required	states	to	develop	their	SIPs	based	on	subpart	1	only.		If	a	
moderate	PM2.5	nonattainment	area	is	not	able	to	attain	the	24‐hr	PM2.5	standard	by	the	December	31,	
2015	attainment	date,	Subpart	4	allows	EPA	to	re‐classify	that	area	as	a	serious	PM2.5	nonattainment	area.  


As	of	the	December	31,	2015	attainment	date,	all	three	of	Utah’s	PM2.5	nonattainment	areas	were	found	to	
be	exceeding	the	24‐hour	PM2.5	standard,	and	as	such,	EPA	reclassified	each	of	the	three	areas	to	serious.		


Once	reclassified	to	serious,	the	attainment	date	for	the	area	is	December	14,	2019.	A	new	serious	area	
PM2.5	SIP	is	being	prepared	by	the	Utah	Division	of	Air	Quality	(UDAQ)	and	the	requirements	of	such	are	
detailed	in	40	Code	of	Federal	Regulations	(CFR)	51	Subpart	Z.	This	rule	requires	the	UDAQ	to	identify,	
adopt	 and	 implement	 Best	 Available	 Control	 Measures	 (BACM)	 on	major	 sources	 of	 PM2.5	 and	 PM2.5	
precursors	(sulfur	dioxide,	oxides	of	nitrogen,	volatile	organic	compounds,	and	ammonia).		


PacifiCorp’s	Lake	Side	Power	Plant	has	potential	to	emit	emissions	of	PM2.5	and/or	PM2.5	precursors	above	
the	 70	 tons	 or	 more	 per	 year	 and	 is	 thus	 classified	 as	 a	 major	 source	 which	 is	 subject	 to	 the	
implementation	 rule.	 As	 a	major	 source	 subject	 to	 the	 rule,	 the	UDAQ	has	 requested	 assistance	 from	
PacifiCorp	 in	 determining	 acceptable	 pollution	 controls	 that	 meet	 BACM/Best	 Available	 Control	
Technology	(BACT)	controls.	


This	 document	 provides	 a	 written	 evaluation	 of	 each	 available	 control	 strategy,	 taking	 into	 account	
technological	 and	 economic	 feasibility,	 for	 PacifiCorp’s	 Lake	 Side	 Power	 Plant	 PM2.5	 and	 precursor	
emission	 sources,	 provides	 documentation	 to	 justify	 the	 elimination	 of	 any	 available	 control	 option,	
establishes	 BACM/BACT	 including	 emission	 limits,	 and	 emission	 monitoring	 requirements	 for	 each	
emission	unit.	
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2.0  FACILITY OVERVIEW 
	
The	Lake	Side	Power	Plant	 is	 located	 at	 1825	North	Pioneer	Lane	 in	Vineyard,	Utah	which	 is	 in	Utah	
County.	Utah	County	is	a	nonattainment	area	of	the	NAAQS	for	both	PM10	and	PM2.5.	The	plant	is	a	Phase	
II	Acid	Rain	source	and	is	subject	to	Title	N	(Part	72,	Acid	Rain).	The	plant	is	a	major	source	of	oxides	of	
nitrogen	(NOx),	carbon	monoxide	(CO),	volatile	organic	compounds	(VOC),	particulate	matter	10	microns	
or	less	(PM10),	particulate	matter	2.5	microns	or	less	(PM2.5),	and	hazardous	air	pollutants	(HAPs).	
	
The	PacifiCorp	Lake	Side	Power	Plant	is	a	combined‐cycle	electric	power	generating	facility	consisting	of	
two	power	blocks	fueled	by	pipeline‐quality	natural	gas.	Lake	Side	Block	#1,	which	went	into	operation	
in	September	2007,	consists	of	 two	Siemens	model	501FD(3)	combustion	 turbines	(CTs)	(each	with	a	
projected	average	output	rating	of	165	MW)	and	a	Siemens	KN	steam	turbine	with	a	projected	average	
output	rating	of	240	MW.	The	heat	recovery	steam	generator	(HRSG)	associated	with	each	combustion	
turbine	is	capable	of	supplemental	duct	firing	that	is	used	to	increase	the	steam	flow	to	the	steam	turbine	
and	 increase	 the	 total	electrical	output	of	 the	power	block.	 	 In	addition,	Block	#1	 is	 capable	of	power	
augmentation	through	steam	injection	into	the	combustion	turbine,	although	this	has	been	used	rarely.	
Block	#1	is	operated	as	a	cycling	power	generation	station.	As	a	cycling	duty	facility,	one	or	both	of	the	
combustion	turbines	and	HRSG	are	shut	down	when	electrical	power	demands	are	low.	Each	CT/HRSG	
unit	is	equipped	with	a	selective	catalytic	reduction	(SCR)	system	and	a	CO	oxidation	catalyst.	
	
Lake	Side	Block	#2,	which	went	into	operation	in	2014,	consists	of	two	Siemens	model	SGT6‐5000F(4)	
combustion	turbines	(CTs)	(each	with	a	projected	average	output	rating	of	200	MW)	and	a	Siemens	KN	
steam	 turbine	 with	 a	 projected	 average	 output	 rating	 of	 229	 MW.	 A	 HRSG	 is	 associated	 with	 each	
combustion	turbine	and	is	capable	of	supplemental	duct	firing	that	is	used	to	increase	the	steam	flow	to	
the	steam	turbine	and	increase	the	total	electrical	output	of	the	power	block.	Block	#2	is	designated	as	a	
projected	average	645MW	power	plant	 that	can	operate	 independently	 from	Block	#1.	Each	Block	#2	
CT/HRSG	unit	is	equipped	with	a	selective	catalytic	reduction	(SCR)	system	and	a	CO	oxidation	catalyst.	
	
Both	Block	#1	and	Block	#2	are	subject	to	New	Source	Performance	Standard	(NSPS)	Subparts	A	(General	
Provisions),	 De	 (Standards	 of	 Performance	 for	 Small	 Industrial‐Commercial‐Institutional	 Steam	
Generating	Units),	and	National	Emission	Standards	for	Hazardous	Air	Pollutants	(NESHAP)	Subpart	A,	
YYYY	(National	Emission	Standards	for	Hazardous	Air	Pollutants	for	Stationary	Combustion	Turbines),	
ZZZZ	(National	Emission	Standards	 for	Hazardous	Air	Pollutants	 for	Stationary	Reciprocating	 Internal	
Combustion	 Engines),	 DDDDD	 (National	 Emission	 Standards	 for	 Hazardous	 Air	 Pollutants	 for	 Major	
Sources:	Industrial,	Commercial,	and	Institutional	Boilers	and	Process	Heaters).		
	
Additionally,	 Block	 #1	 is	 subject	 to	 NSPS	 Subparts	 Db	 (Standards	 of	 Performance	 for	 Industrial‐
Commercial	 Institutional	 Steam	 Generating	 Units),	 GG	 (Standards	 of	 Performance	 for	 Stationary	 Gas	
Turbines).	Block	#2	is	subject	to	NSPS	Subparts	Illl	(Standards	of	Performance	for	Stationary	Compression	
Ignition	Combustion	Engines)	and	KKKK	(Standards	of	Performance	for	Stationary	Gas	Turbines).	Table	
2‐1	 presents	 the	 Title	 V	Operating	 Permit	 (OP)	 identification,	 the	 source	 identification,	 a	 description,	
status,	rating	or	capacity	and	the	existing	control	technologies	for	each	source.	
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Table 2-1 Lake Side Power Plant Emission Sources* 


O.P. 
ID 


Source 
ID 


Source Description Capacity Control 
Technology 


II.A.2	 EU	#1	


#11	Combustion	Gas	Turbine	–	
Natural	gas‐	fired	lean	premix	dry	
low‐NOx	combustion	turbine	with	a	
HRSG	and	low	NOx	duct	burner	


1801	MMBtu/hr	
184	MMBtu/hr	(duct	


burner)	


DLN,	SCR,	CO	
catalysts	(turbine)
LNB	(duct	burner)


II.A.3	 EU	#2	


#12	Combustion	Gas	Turbine	–	
Natural	gas‐	fired	lean	premix	dry	
low‐NOx	combustion	turbine	with	a	
HRSG	and	low	NOx	duct	burner	


1801	MMBtu/hr	
184	MMBtu/hr	(duct	


burner)	


DLN,	SCR,	CO	
catalysts	(turbine)
LNB	(duct	burner)


II.A.4	 EU	#3	 Block	#1	Combustion	Gas	Turbines	 ‐‐	 ‐‐	
II.A.5	 EU	#4	 Auxiliary	Boiler	#1	 62.765	MMBtu/hr	 	
II.A.6	 EU	#5	 Fuel	Dew	Point	Heater		 4.76	MMBtu/hr	 	
II.A.7	 EU	#6	 Emergency	Diesel	Generator	#1	 1500	HP	 	
II.A.8	 EU	#7	 Emergency	Diesel	Fire	Pump	 290	HP	 	
II.A.9	 EU	#8	 Cooling	Tower	#1	 10	cell	 Drift	eliminators	


II.A.10	 EU	#9	


#21	Combustion	Gas	Turbine	–	
Natural	gas‐	fired	lean	premix	dry	
low‐NOx	combustion	turbine	with	a	
HRSG	and	low	NOx	duct	burner	


1762	MMBtu/hr	
400	MMBtu/hr	(duct	


burner)	


DLN,	SCR,	CO	
catalysts	(turbine)
LNB	(duct	burner)


II.A.11	 EU	#10	


#22	Combustion	Gas	Turbine	–	
Natural	gas‐	fired	lean	premix	dry	
low‐NOx	combustion	turbine	with	a	
HRSG	and	low	NOx	duct	burner	


1762	MMBtu/hr	
400	MMBtu/hr	(duct	


burner)	


DLN,	SCR,	CO	
catalysts	(turbine)
LNB	(duct	burner)


II.A.12	 EU	#11	 Block	#2	Combustion	Gas	Turbines	 ‐‐	 ‐‐	
II.A.13	 EU	#12	 Cooling	Tower	#2	 16	cell	 Drift	eliminators	
II.A.14	 EU	#13	 Auxiliary	Boiler	#2	 57.6	MMBtu/hr	 	
II.A.15	 EU	#14	 Emergency	Diesel	Generator	#2	 1500	HP	 	
DLN	–	Dry	low	NOx	burners	
SCR	–	Selective	catalytic	reduction	
LNB	–	Low	NOx	burners	
*	‐	Typical	full‐load	heat	inputs	for	each	emission	unit	are	provided	under	expected	average	conditions.	
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3.0  BEST AVAILABLE CONTROL MEASURE SELECTION PROCESS 
	
According	to	40	CFR	Part	51,	Subpart	Z,	BACM	is	“any	technologically	and	economically	feasible	control	
measure	that	can	be	implemented	in	whole	or	in	part	within	4	years	after	the	date	of	reclassification	of	
a	Moderate	PM2.5	nonattainment	area	to	Serious	and	that	generally	can	achieve	greater	permanent	and	
enforceable	emissions	reductions	in	direct	PM2.5	emissions	and/or	emissions	of	PM2.5	plan	precursors	
from	 sources	 in	 the	 area	 than	 can	 be	 achieved	 through	 the	 implementation	 of	 RACM	 on	 the	 same	
source(s).	BACM	includes	BACT”.		


In	the	preparation	of	the	BACM	analyses,	several	sources	of	information	were	examined	including	EPA’s	
RBLC	RACT/BACT/LAER	Clearinghouse,	state	agency	databases,	vendor	data,	and	published	literature.	


In	 the	 conduct	 of	 the	 BACM	 analysis,	 the	 EPA’s	 established	 five‐step	 procedure	 for	 determining	 the	
appropriate	BACM	limit	for	NOx,	SO2,	PM2.5,	and	VOC	that	starts	with	the	most	stringent	emission	limits	
and	lists	all	control	technologies	was	utilized.	This	is	referred	to	as	“Top‐Down”	BACT	and	include	the	
following	five	steps	as	outlined	in	the	Draft	New	Source	Review	Manual,	dated	1990.	


3.1 Step 1 – Identify All Existing and Potential Emission Control Technologies 
	
The	first	step	in	the	top‐down	procedure	is	to	identify	all	available	control	technologies	and	emission	
reduction	options	for	each	subject	pollutant.	Available	control	technologies	are	those	with	a	practical	
potential	 for	application	to	the	emission	unit.	 	The	Lake	Side	Power	Plant	 is	a	combined‐cycle	power	
generating	facility.	In	order	to	identify	the	appropriate	control	technologies,	the	following	sources	were	
referenced:	


> US	EPA	RACT/BACT/LAER	Clearinghouse	(RBLC)	
> US	EPA	Control	Technology	Center	
> Recent	Permit	Actions		
> Vendor	Information	


3.2 Step 2 – Eliminate Technically Infeasible Options 
	
The	second	step	in	performing	the	top‐down	BACT	analysis	is	to	eliminate	technically	infeasible	options.	
Technically	 infeasible	 is	defined	where	a	 control	option,	based	on	physical,	 chemical,	 and	engineering	
principles,	would	preclude	the	successful	use	of	the	control	option	on	the	emissions	unit	under	review	
due	to	technical	difficulties.	Two	key	concepts	in	determining	whether	an	undemonstrated	technology	is	
feasible	 are	 availability	 and	 applicability.	 A	 Technology	 is	 considered	 available	 if	 it	 can	 be	 obtained	
through	commercial	channels.	An	available	technology	is	applicable	if	it	can	be	reasonably	installed	and	
operated	 on	 the	 source	 type	 under	 consideration.	 Technically	 infeasible	 control	 options	 are	 then	
eliminated	from	further	consideration	in	the	BACM	analysis.	
	


3.3 Step 3 – Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	third	step	of	the	BACM	analysis	is	to	rank	all	the	remaining	control	options	not	eliminated	in	Step	2,	
based	on	control	effectiveness	for	the	pollutant	under	review.	The	emission	limit	or	removal	efficiency	
used	in	the	ranking	process	is	the	level	the	technology	has	demonstrated	it	can	consistently	achieve	under	
reasonably	foreseeable	worst‐cast	conditions	with	an	adequate	margin	of	safety.		
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3.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	


In	this	step,	an	analysis	is	performed	on	each	remaining	control	technology	in	order	to	determine	whether	
the	 energy,	 economic,	 or	 environmental	 impacts	 from	 a	 given	 technology	 outweigh	 their	 benefits.	
Information	 including	 control	 efficiency,	 anticipated	 emission	 rate,	 expected	 emissions	 reduction,	 and	
economic,	environmental,	and	energy	impacts	are	to	be	considered.		


If	 the	 top‐ranked	technology	 is	chosen	and	there	are	no	significant	or	unusual	environmental	 impacts	
associated	 with	 that	 technology	 that	 have	 the	 potential	 to	 affect	 its	 selection,	 the	 BACT	 analysis	 is	
complete	and	no	further	information	regarding	economic,	environmental,	and	energy	impacts	is	required.	
However,	if	the	top‐ranked	option	is	not	chosen,	an	assessment	of	economic,	environmental,	and	energy	
impacts	(taking	into	consideration	source‐specific	circumstances	that	distinguish	it	from	other	sources	
where	 the	 technology	 is	 in	 use	 or	 has	 been	 required)	 is	 performed	 on	 the	 next	 most	 cost‐effective	
technology	until	the	technology	under	consideration	is	not	eliminated.		


3.4.1 Energy Impact 
	
The	energy	impact	of	each	evaluated	control	technology	is	the	energy	benefit	or	penalty	resulting	from	
the	operation	of	the	control	technology	at	the	source.	The	costs	of	the	energy	impacts	either	in	additional	
fuel	costs	or	the	cost	of	lost	power	generation	impacts	the	cost‐effectiveness	of	the	control	technology.	


3.4.2 Environmental Impacts 
  


The	second	evaluation	 to	be	reviewed	 is	 the	environmental	evaluation.	Non‐air	quality	environmental	
impacts	 are	 evaluated	 to	 determine	 the	 cost	 to	 mitigate	 the	 environmental	 impacts	 caused	 by	 the	
operation	of	a	control	technology.		


3.4.3 Costs of Control 
	
This	third	evaluation	addresses	the	economic	impact	of	the	control	technologies.	The	cost	to	purchase	and	
to	operate	the	control	technology	is	analyzed.	The	capitol	and	annual	operating	costs	are	estimated	based	
on	established	design	parameters	or	documented	assumptions	 in	 the	absence	of	established	designed	
parameters.	The	cost‐effectiveness	describes	the	potential	to	achieve	the	required	emissions	reduction	in	
the	most	economical	way.	It	also	compares	the	potential	technologies	on	an	economic	basis.	US	EPA’s	Air	
Pollution	Control	Cost	Manual	was	used	as	well	as	vendor	estimates	to	determine	control	costs.	


3.5 Step 5 - Selection of BACM 
	
The	fifth,	and	final,	step	is	selection	of	the	BACM	emission	limit	corresponding	to	the	most	stringent	and	
technically	feasible	technology	that	was	not	eliminated	based	upon	adverse	economic,	environmental,	and	
energy	impacts.	BACM/BACT	is	the	technologically	and	economically	feasible	control	option	that	can	be	
implemented	that	achieves	permanent	and	enforceable	emissions	reductions.	It	typically	is	the	highest	
ranked	 control	 technology.	 In	 addition,	 the	 chosen	 BACM	 limit	 must	 not	 be	 less	 stringent	 than	 any	
applicable	federal	NSPS,	NESHAP	or	state‐specific	standards.
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4.0  BEST AVAILABLE CONTROL MEASURE DETERMINATION ANALYSIS FOR 
NITROGEN OXIDES 


	
BACM’s	were	evaluated	for	NOx	emissions	from	emission	units	in	operation	at	the	Lake	Side	Power	Plant.	
These	units	 include	 the	 combustion	 gas	 turbines	EU#1,	EU#2,	EU#9,	 and	EU#10,	 auxiliary	boilers	#1	
(EU#4)	and	#2	(EU#13),	fuel	dew	point	heater	(EU#5),	emergency	diesel	generators	#1	(EU#6)	and	#2	
(Eu#14),	and	emergency	diesel	fire	pump	(EU#7).	


4.1 Combustion Gas Turbines 
	
At	the	Lake	Side	Power	plant,	there	are	four	(4)	lean	premix	dry	low‐NOx	combustion	gas	turbines.	EU#1	
and	EU#2,	referred	to	as	Block	#1,	are	rated	at	1810	MMBtu/hr;	EU#9	and	EU#10,	referred	to	as	Block	
#2,	 are	 rated	 at	 1762	 MMBtu/hr.	 Each	 combustion	 turbine	 is	 equipped	 with	 a	 heat	 recovery	 steam	
generator	 (HRSG)	 and	 low	 NOx	 duct	 burner,	 rated	 at	 184	MMBtu/hr	 (for	 EU#1	 and	 EU#2)	 and	 400	
MMBtu/hr	(for	EU#9	and	EU#10).	


Oxides	 of	 nitrogen	 are	 formed	during	 the	 combustion	 of	 fuel	 and	 generally	 classified	 as	 thermal	NOx,	
prompt	NOx,	or	fuel‐related	NOx.	Typically,	the	NOx	that	is	formed	in	combustion	turbines	consists	of	60	
percent	NO	with	the	remaining	balance	as	NO2.		NOx	emissions	formed	through	the	oxidation	of	a	portion	
of	the	nitrogen	contained	in	the	combustion	air	are	called	thermal	NOx	and	are	a	function	of	combustion	
temperature.	Prompt	NOx	forms	within	the	combustion	flame	and	is	usually	negligible	when	compared	to	
the	amount	of	 thermal	NOx	 formed.	Fuel	NOx	emissions	are	 formed	by	 the	oxidation	of	 the	chemically	
bound	nitrogen	in	the	fuel.	


4.1.1 Step 1 – Identify All Existing and Potential Emission Control Technologies 
	
The	following	control	options	were	evaluated	for	controlling	NOx	emissions	from	combustion	turbines	in	
a	combined	cycle	configuration.	They	are	categorized	as	combustion	controls	where	the	amount	of	NOx	
formed	in	the	combustion	process	is	reduced	and	post‐combustion	controls	where	NOx	is	removed	from	
the	flue	gas	stream.	Pre‐combustion	controls	include:	dry	low‐NOx	combustors,	XONON,	and	steam/water	
injection.	 Post‐combustion	 controls	 include:	 Selective	 Non‐Catalytic	 Reduction	 (SNCR),	 NOxOUT,	
Selective	Catalytic	Reduction	(SCR),	and	EMx.	


4.1.1.1 Dry Low-NOx Combustors 
	
Conventional	 combustors	 are	 diffusion‐controlled.	 The	 fuel	 and	 air	 are	 injected	 separately,	 with	
combustion	occurring	at	the	stoichiometric	interfaces.	This	method	of	combustion	results	in	combustion	
“hot	spots,”	which	produce	higher	levels	of	NOx.	The	lean	premix	and	catalytic	technologies	are	two	types	
of	 DLN	 combustors	 that	 are	 available	 alternatives	 to	 the	 conventional	 combustors	 to	 reduce	 NOx	
combustion	“hot	spots.”	


In	the	lean	premix	combustor,	which	is	the	most	popular	DLN	combustor	available,	the	combustors	
reduce	the	formation	of	thermal	NOx	through	the	following:		


1. lean	combustion	that	uses	excess	air	to	reduce	the	primary	combustion	temperature;		
2. reduced	combustor	residence	time	to	limit	exposure	in	a	high	temperature	environment;		
3. lean	premixed	combustion	that	reduces	the	peak	flame	temperature	by	mixing	fuel	and	air	in	an	


initial	stage	to	produce	a	lean	and	uniform	fuel/air	mixture	to	the	next	stage	where	combustion	
takes	place;	and/or		
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4. two‐stage	rich/lean	combustion	using	a	primary	fuel‐rich	combustion	stage	to	limit	the	amount	
of	oxygen	available	to	combine	with	nitrogen.	


Lean	premix	combustors	have	only	been	developed	for	gas‐fired	turbines.	The	more‐advanced	designs	
are	capable	of	achieving	a	70	to	90	percent	NOx	reduction	with	a	vendor‐guaranteed	NOx	concentration	
of	9	to	25	ppmvd.		


Catalytic	combustors	use	a	catalyst	to	allow	the	combustion	reaction	to	take	place	with	a	lower	peak	flame	
temperature	 to	 reduce	 thermal	 NOx	 formation.	 The	 catalytic	 combustor	 uses	 a	 flameless	 catalytic	
combustion	module,	followed	by	completion	of	combustion	(at	lower	temperatures)	downstream	of	the	
catalyst.	


Neither	water	 injection	nor	DLN	combustors	 can	 control	NOx	 formed	 from	 the	use	of	duct	burners	 to	
supplementally	fire	the	HRSGs	in	a	combined	cycle	configuration.	NOx	from	duct	burners	is	controlled	by	
limiting	the	amount	of	duct	firing	required	and	with	post‐combustion	pollution	control	technologies.	In	
the	past	several	years,	manufacturers	have	offered	and	installed	combustion	turbines	with	dry	low‐NOx	
combustors	(DLN).		


4.1.1.2 XONON, LoTOx™, and Pahlmann™ 
	
There	 are	 a	 number	 of	 other	 combustion	 turbine	 emission	 control	 technologies	 including	 XONON,	
LoTOx™,	and	Pahlmann™	being	marketed	for	NOx	control.	For	example,	XONON,	developed	by	Catalytica	
Combustion	Systems,	is	a	form	of	in‐combustor	control.	XONON	prevents	the	formation	of	NOx	emissions	
by	 keeping	 the	 temperature	 of	 flame	 (below	 2700°F)	 and	 combustion	 below	 the	 level	 that	 permits	
nitrogen	and	oxygen	to	combine	and	form	NOx.	XONON	uses	a	proprietary	flameless	catalytic	combustion	
module	 followed	 by	 completion	 of	 combustion	 (at	 lower	 temperatures)	 downstream	 of	 the	 catalyst.	
Linde’s	 LoTOx™	 technology	 is	 an	 end‐of‐pipe	 system	 that	 removes	 NOx	 by	 adding	 ozone	 to	 oxidize	
insoluble	NO	and	NO2	to	N2O	 (a	highly	 soluble	 species	of	NOx)	which	 can	be	effectively	 removed	by	a	
variety	 of	 Air	 Pollution	 Control	 (APC)	 equipment.	 Enviroscrub’s	 Pahlmann™	 Process	 produces	 and	
regenerates	hybrid	types	of	manganese	dioxides	that	are	very	effective	at	NOx.	


4.1.1.3 Steam/Water Injection 
	
The	injection	of	water	or	steam	into	the	combustor	of	a	gas	turbine	quenches	the	flame	and	absorbs	heat,	
reducing	the	combustion	temperature.	This	temperature	reduction	reduces	the	formation	of	thermal	NOx.	
Water	or	steam	injection	also	allows	more	fuel	to	be	burned	without	overheating	critical	turbine	parts,	
increasing	the	combustion	turbine	maximum	power	output.	Combined	with	a	post‐combustion	control	
technology,	water	or	steam	injection	can	achieve	a	NOx	emission	of	25	part(s)	per	million	dry	volume	
(ppmvd)	at	15	percent	O2,	but	with	 the	added	economic,	energy,	and	environmental	expense	of	using	
water.	


However,	the	lower	peak	flame	temperature	can	also	reduce	combustion	efficiency	and	prevent	complete	
combustion	 potentially	 causing	 CO	 and	 precursor	 organic	 compound	 (POC)	 emissions	 to	 increase	 as	
steam/water‐fuel	ratios	increase.	The	injected	water	or	steam	exits	the	turbine	as	part	of	the	exhaust.		


	


	


	







04171736 4-3	 MSI Trinity 


	


4.1.1.4 Selective Non-Catalytic Reduction (SNCR) 
	
Selective	Non‐Catalytic	Reduction	 (SNCR)	 involves	 the	 injection	of	 ammonia	or	urea	with	proprietary	
chemicals	into	the	exhaust	stream	without	a	catalyst.	SNCR	technology	requires	gas	temperatures	in	the	
range	 of	 1,600°F	 to	 2,100°F	 and	 is	most	 commonly	used	 in	 boilers	 because	 gas	 turbines	do	not	 have	
exhaust	 temperatures	 in	 that	 range.	 The	 exhaust	 temperature	 from	 the	 proposed	 turbines	 averages	
approximately	1,100°F	so	SNCR	is	technically	infeasible.	


4.1.1.5 NOxOUT™ SNCR Process 
	
Fuel	Tech’s	NOxOUT™	process	is	a	urea‐based	SNCR	process	for	reduction	of	NOx	from	stationary	sources.	
The	NOxOUT™	process	requires	precisely	engineered	injection	of	stabilized	urea	liquor	into	combustion	
flue	gas.	NOx	reduction	occurs	in	the	temperature	range	of	1,650°F	to	2,100°F.		


4.1.1.6 Selective Catalytic Reduction 
	
Selective	Catalytic	Reduction	(SCR)	is	a	technology	that	react	the	NOx	in	the	turbine	exhaust	with	ammonia	
or	urea	and	oxygen	 in	the	presence	of	a	catalyst	 to	 form	nitrogen	and	water.	SCR	technology	requires	
optimal	 gas	 temperatures	 in	 the	 range	 of	 480°F	 to	 800°F.	 NOx	 conversion	 is	 sensitive	 to	 exhaust	
temperature	and	performance	can	be	 limited	by	contaminants	 in	 the	exhaust	gas	 that	may	poison	the	
catalyst.	A	small	amount	of	ammonia	(NH3)	is	not	consumed	in	the	reaction	and	is	emitted	in	the	exhaust	
stream.	The	SCR	catalyst	required	periodic	replacement.		


4.1.1.7 EMx™ 
 


Formerly	SCONOx™,	EMx™	is	a	catalytic	oxidation	and	absorption	control	technology	that	uses	a	platinum‐
based	oxidation	catalyst	coated	with	potassium	carbonate	(K2CO3)	to	oxidize	and	remove	both	NOx,	CO,	
and	VOC	without	a	reagent	such	as	ammonia.		


The	 K2CO3	 coated	 catalyst	 oxidized	 CO	 to	 CO2,	 NO	 to	 NO2,	 and	 hydrocarbons	 to	 CO2	 and	 water.	 CO2	
generated	in	the	catalyst	bed	is	exhausted	to	the	atmosphere	with	the	flue	gas	while	NO2	absorbs	onto	the	
catalyst	to	form	potassium	nitrite	(KNO2)	and	potassium	nitrate	(KNO3).		


The	 EMx™	 system	 utilizes	 hydrogen	 as	 the	 basis	 for	 a	 propriety	 catalyst	 regeneration	 process.	 The	
regeneration	 step	 converts	KNO2	 and	KNO3	 into	K2CO3,	water,	 and	nitrogen	gas.	 In	 order	 to	maintain	
continuous	 operation	 during	 catalyst	 regeneration,	 the	 system	 is	 furnished	 in	 arrays	 of	 five‐module	
catalyst	sections.	During	operation,	four	of	the	five	modules	are	online	and	treating	the	flue	gas	while	one	
module	is	not	in	use.	NOx	reduction	in	the	system	occurs	in	an	operating	temperature	range	of	300°F	to	
700°F.	 The	 EMx™	 catalytic	 oxidation	 and	 absorption	 control	 technology	 must	 be	 installed	 in	 the	
appropriate	temperature	section	of	the	HRSG.		


When	 exposed	 to	 sulfur	 oxides,	 the	 EMx™	 system	 catalyst	 is	 subject	 to	 reduced	 performance	 and	
deactivation.	For	 this	 reason,	 an	additional	 catalytic	oxidation/absorption	 system	 that	 removes	 sulfur	
compounds	is	installed	upstream	of	the	EMx™	catalyst.	


The	EMx™	catalyst	must	be	recoated	or	washed	every	six	months	to	one	year.	The	frequency	of	washing	
is	 dependent	 on	 the	 sulfur	 content	 in	 the	 fuel	 and	 the	 effectiveness	 of	 the	 sulfur	 oxides	 catalytic	
oxidation/absorption	 system.	 The	 reported	 benefit	 of	 EMx	 is	 that	 it	 reduces	 NOx	 without	 the	 use	 of	
ammonia.	
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4.1.2 Step 2 - Eliminate Technically Infeasible Options 
	
After	 review	 of	 EPA	 and	 State	 databases,	 no	 data	were	 found	 to	 suggest	 that	 XONON	 has	 been	 used	
successfully	on	gas	turbines	larger	than	15	MW.	In	addition,	LoTOx™	and	the	Pahlmann	process	have	not	
reached	the	commercial	stage	for	combined‐cycle	combustion	turbines	that	are	fired	by	natural	gas.	Thus,	
since	these	technologies	have	not	been	demonstrated	on	large‐scale	utility	gas	turbines	such	as	the	units	
being	considered	for	this	project,	they	are	not	considered	technically	feasible	and	has	been	eliminated	
from	further	consideration.		


Steam/water	injection	which	can	provide	up	to	a	60%	control	efficiency	can	also	be	eliminated	since	it	is	
found	 to	 be	 less	 effective	 in	 gas	 firing	 applications	 than	 other	 control	 systems,	 and	while	 technically	
feasible,	 it	 is	not	used	 in	modern	gas‐fired	combined	cycle	units	because	DLN	combustors	offer	better	
control	for	no	additional	cost.		


In	addition,	since	the	duct	burners	are	comprised	of	several	small	modular	burners	located	in	the	cross‐
sectional	 area	 of	 the	 duct	 and	 the	 flame	 is	 not	 concentrated	 in	 one	 area,	 it	 is	 not	 feasible	 to	 inject	
steam/water	into	the	flame.	Thus,	for	these	reasons,	steam/water	injection	technology	was	eliminated	
from	further	consideration.		


SNCR	 has	 been	 used	 to	 control	 emissions	 from	 certain	 other	 combustion	 process	 applications.	 This	
technology	 has	 limitations	 that	makes	 it	 inappropriate	 for	 application	 to	 combustion	 turbines.	 SNCR	
requires	a	flue	gas	temperature	in	the	range	of	1,600°F	to	2,100°F	for	reactions	to	occur.		Combined‐cycle	
turbine	have	exhaust	temperatures	less	than	1,100	°F.	Therefore,	additional	fuel	combustion	or	a	similar	
energy	supply	would	be	required	to	increase	exhaust	temperatures	comparable	with	SNCR	operations.	
This	 temperature	 restriction	 and	 related	 economic	 considerations,	 and	 since	 there	were	no	 examples	
found	where	this	technology	has	been	installed	on	combined‐cycle	gas	turbines,	for	these	reasons	SNCR	
has	been	determined	to	be	technically	not	feasible.		


The	 NOxOUT™	 process	 has	 been	 successfully	 applied	 commercially	 on	 coal,	 oil	 and	 gas‐fired	 boilers,	
biomass‐fired	boilers,	process	heaters,	certain	cement	kilns,	various	steel	industry	boilers	to	name	a	few.		
Based	on	available	information,	the	NOxOUT™	process	has	been	demonstrated	on	a	90	MW	GE	Frame	7	
FA	gas	turbine	at	a	combined	cycle	facility	and	was	able	to	achieve	a	controlled	NOx	emission	rate	of	5	
ppm.	However,	the	NOxOUT™	process	was	considered	not	technically	feasible	for	Lake	Side	Blocks	1	and	
2	since	NOx	reductions	using	the	NOxOUT™	system	requires	flue	gas	temperatures	in	the	range	of	1,600°F	
to	 1,950°F.	 This	 temperature	 range	 is	 significantly	 above	 the	 maximum	 exhaust	 temperature	 of	
approximately	 1,100°F	 for	 the	 gas	 turbines	 operated	 by	 PacifiCorp	 at	 Lake	 Side.	 In	 addition,	 the	
commercial	application	of	a	NOxOUT™	system	was	not	identified	as	being	demonstrated	on	any	CT/HRSG	
unit.		


Commercial	experience	with	the	EMx™	catalytic	oxidation	and	absorption	control	technology	is	limited.	
In	 the	 Palmdale	 Hybrid	 Power	 Project	 PSD	 permit,	 EPA	 noted	 that	 it	 appears	 EMx™	 has	 only	 been	
demonstrated	 to	 achieve	 2.5	 ppm	 NOx.	 In	 addition,	 the	 Bay	 Area	 Air	 Quality	 Management	 District	
concluded	in	a	recent	permitting	case	that	EMx™	was	not	as	developed	as	SCR	and	cannot	achieve	the	
same	 level	 of	 emissions	 performance	 that	 a	 SCR	 is	 capable	 of.	 Therefore,	 EMx™	 technology	 is	 not	
considered	feasible	for	a	plant	of	the	size	of	Lake	Side	and	for	achieving	an	emission	NOx	limit	of	2.0	ppm.		


Thus,	the	above	listed	control	technologies	have	been	determined	to	be	technically	infeasible	and	will	no	
longer	be	considered	in	this	analysis.	


	







04171736 4-5	 MSI Trinity 


	


4.1.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
Based	on	the	results	of	Step	2,	the	only	remaining	technically	feasible	control	technology	available	for	gas‐
fired	combustion	turbines	is	SCR	used	in	conjunction	with	DLN	combustors.	


4.1.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	 use	 of	 DLN	 combustors	 and	 SCR	 are	 the	 most	 effective	 and	 technically	 feasible	 NOx	 control	
technologies	available	for	the	Lake	Side	combustion	gas	turbines.	DLN	combustors	are	utilized	on	the	Lake	
Side	turbines.	When	used	in	combination	with	SCR,	these	technologies	will	control	NOx	emissions	to	2.0	
ppm	with	and	without	duct	burners.	


Applicable	BACT	clearinghouse	determinations	were	reviewed	to	identify	which	NOx	emission	rates	have	
been	 achieved	 in	 practice	 for	 other	 natural‐gas‐fired	 combustion	 turbine	 projects.	 The	 results	 of	 this	
review	are	presented	in	Table	4‐1.	This	list	is	not	exhaustive.	
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Table 4-1 Summary of NOx Emission Limits and Control Technologies for Combustion 
Turbines with and without Duct Burning 


Facility RBLC ID  Date of Permit NOx Emission 
Limit at 15% O2 


Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085	 10/04/2016	


2.0	ppmvd	3‐hour	
rolling	average	
based	on	one	hr	
block	average	


SCR,	DLN(normal	
operation	with	no	
duct	burning)	


2.0	ppmvd	3‐hour	
rolling	average	
based	on	one	hr	
block	average	


SCR,	DLN	(normal	
operation	with	
duct	burning)	


Tennessee	Valley	
Authority	
Johnsonville	
Cogeneration		


TN‐0162	
(1339.0	
MMbtu/hr) 	


04/19/2016		 2.0	ppmvd	30	unit	
operating‐day	
moving	average			


SCR,	GCP(normal	
operation	with	
duct	burning)	


Virginia	Electric	and	
Power	Company	
Greensville	Power	
Station	


VA‐0325	
(3227.0	
MMBtu/hr)	


06/17/2016	 2.0	ppmvd	1‐hour	
average	


SCR	(normal	
operation	with	
duct	burning)	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	Center		


FL‐0356	(350	
MW	per	
turbine)	


03/09/2016	 2.0	ppmvd	24‐
hour	block	


SCR,	DLN,	wet	
injection	


Virginia	Electric	and	
Power	Company	
Brunswick	County	
Power	Station		


VA‐0321	
(3442.0	
MMBtu/hr)	


04/30/2013	 2.0	ppmvd	1‐hour	
average	


SCR,	DLN	


City	of	Palmdale,	
Palmdale	Hybrid	
Power	Project		


CA‐1212	
(nominal	154	
MW)	


10/18/2011	 2.0	ppmvd	1‐hour	
average	


SCR,	DLN	


Avenal	Power	Center	
LLC	Avenal	Energy	
Project		


CA‐1192	
(nominal	180	
MW)	


06/11/2011	


2.0	ppmvd	1‐hour	
average	


SCR,	DLN	(normal	
operation	with	no	
duct	burning)	


2.0	ppmvd	1‐hour	
average	


SCR,	DLN	(normal	
operation	with	
duct	burning)	


Pacific	Gas	&	Electric	
Company	Colusa	
Generating	Station		


CA‐1211	
(nominal	172	
MW)	


03/11/2011	 2.0	ppmvd	1‐hour	
rolling	average	


SCR,	DLN	


Idaho	Power	
Company	Langley	
Gulch	Power	Plant	–	
combined	cycle	with	
duct	burner		


ID‐0018	
(nominal	269	
MW)	


06/25/2010	 2.0	ppmvd	3‐hour	
rolling			


SCR,	DLN,	GCP	


	
For	 the	 combined	 cycle	 units	 being	 utilized	 at	 the	 Lake	 Side	 Power	 Plant,	 the	 standard	 combustion	
chamber	design	includes	the	use	of	DLN	combustor	technology.	SCR	is	a	widely	used	post‐combustion	NOx	
control	technique	on	utility‐scale	gas	turbines/HRSGs	in	conjunction	with	combustion	controls	and	has	
been	demonstrated	to	achieve	NOx	emission	limits	of	2.0	ppm.	
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4.1.4.1 Energy, Environmental, and Economic Impacts 
	
Utilizing	SCR,	the	proposed	NOx	emission	rate	of	2.0	ppm	based	on	a	1‐hour	basis	with	and	without	duct	
burners	is	the	lowest	emission	rates	achieved	in	practice	for	similar	sources.	Although	there	are	potential	
environmental	 and	 energy	 impacts	 associated	with	 the	 use	 of	 SCR,	 these	 impacts	 are	 not	 considered	
significant	enough	to	preclude	the	use	of	SCR	for	NOx	emission	control.	Therefore,	an	assessment	if	the	
energy,	environmental,	and	economic	impacts	is	not	necessary.	


4.1.5 Step 5 – Select BACM 
	
Available	permits	and	BACT	determinations	were	reviewed	to	identify	NOx	emission	rates	that	have	been	
achieved	in	practice	for	other	comparable	gaseous	fuel‐fired	combustion	turbines	projects.	The	majority	
of	the	projects	had	permitted	NOx	emission	rates	equal	to	or	greater	than	2.0	part	per	million	volume	dry	
corrected	(ppmvd)	@	15%	O2.	


A	search	of	several	databases	was	conducted	to	determine	the	most	stringent	control	measures	utilized	
to	achieve	the	lowest	emission	NOx	emission	rate.	From	the	RBLC	database,	as	found	under	Process	Type	
15.210	(large	gas‐fired	combined	cycle	combustion	turbines),	the	lowest	approved	NOx	rate	is	2.0	ppmvd	
which	is	based	on	the	use	of	SCR.	This	emission	is	considered	to	be	the	lowest	achievable	emission	rate	
(LAER).	


One	project	was	identified	with	a	NOx	emission	limit	less	than	2.0	ppmvdc,	the	Sunlaw	(CA)	Cogeneration	
Project,	which	showed	a	1‐2	ppm	NOx	limit.	However,	the	RBLC	entry	for	Sunlaw	(RBLC	ID	#	CA‐0863)	
confirmed	the	emission	level	demonstrated	in	practice	for	this	facility	is	2.0	ppm.		


The	California	Air	Resources	Board	(CARB)	BACT	Clearinghouse	for	combined	cycle	gas	turbines	greater	
than	 50	 MW	 identified	 a	 second	 facility,	 for	 an	 IDC	 Bellingham	 combined‐cycle	 plant	 proposed	 in	
Massachusetts,	had	a	NOx	emission	limit	below	the	2.0	ppmvd	@	15%	O2	level	proposed	as	BACT.	The	IDC	
Bellingham	facility	was	permitted	with	a	not‐to‐exceed	limit	of	2.0	ppmvd	@	15%	O2,	but	the	permit	also	
required	the	unit	to	maintain	emissions	below	1.5	ppmvd	@	15%	O2	during	normal	operations.	However,	
the	IDC	Bellingham	facility	was	never	built,	so	the	approved	NOx	level	of	1.5	ppm	was	never	demonstrated	
in	practice.	Therefore,	IDC	Bellingham	is	not	a	precedent	for	NOx	BACT.	


All	of	the	combined‐cycle	turbine	projects	identified	with	emission	limits	of	2	ppmvd	at	15%	O2	employ	
SCR	 for	NOx	 control.	 The	proposed	 emission	 rate	 of	 2.0	 ppm	with	 and	without	 duct	 burners	 utilizing	
pipeline	quality	natural	gas,	DLN	burners,	and	SCR	is	the	lowest	NOx	emission	rate	achieved	in	practice	
for	similar	sources.	Table	4‐2	presents	the	NOx	emission	limits	for	Lake	Side	Blocks	#1	and	#2	and	the	
monitoring	methods	used	to	insure	compliance.		
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Table 4-2 Lake Side Block #1 and Block #2 NOx Emission Limits 
Source Block Condition NOx Emission Limit Monitoring 


Method 
Turbines		 #1	 Steady	state	 112.0	ppmdv@15%	O2,	4‐hr	


rolling	average	
Continuous	NOx	
emission	monitor	
(CEMs)	


Turbines		 #2	 Steady	state	 15	ppmvd@15%	O2	(0.43	
lb/MWh),	30	unit	operating	day	
rolling	average	


NOx	CEMS	


Turbines		 #2	 Startup/Shutdown 130	lb/hr,	hourly	average	 NOx	CEMS	
HRSG	stacks		 #1	 Steady	State	 2	ppmvd@15%O2	and	14.9	lb/hr,	


3‐hr	block	avg.	
NOx	CEMS	


HRSG	stacks		 #2	 Steady	State	 2	ppmvd@15%O2	and	18.1	lb/hr,	
3‐hr	block	avg.	


NOx	CEMS	


HRSG	stacks		 #1,	
#2	


Short‐term	
excursion1	


25	ppmvd@15%O2		 NOx	CEMS	


Duct	Burner	 #1	 NA	 0.20	lb/MMbtu,	30‐day	rolling	
average	


NOx	CEMS	


	1	Not	to	exceed	four	consecutive	15‐minute	periods	and	cumulative	total	of	160	hours	annually	


Thus,	BACM	for	NOx	emissions	for	the	Lake	Side	combustion	turbines	(EU#1,	EU#2,	EU#9,	and	EU#10)	is	
use	of	DLN	combustors	and	SCR,	along	with	good	combustion	practices,	to	control	NOx	emissions	to	2.0	
ppmvd	@	15%	O2.	A	NOx	emission	limit	for	each	turbine/HRSG	of	2	ppmvd@15%O2	averaged	over	a	three‐
hour	 period	 (steady	 state	 operation)	 is	 currently	 in	 place	 for	 Block	 #1	 and	 Block	 #2.	 This	 limit	 is	
supported	by	EPA’s	RBLC	clearinghouse.	PacifiCorp	operates	a	continuous	emissions	monitoring	systems	
(CEMs)	 to	 determine	 compliance	 with	 the	 NOx	 limits.	 No	 additional	 limits	 or	 emissions	 monitoring	
techniques	are	proposed.		


4.1.6 Step 5 – BACM for Startup and Shutdown 
	
Startup	 and	 shutdown	 events	 are	 a	 normal	 part	 of	 the	 power	 plant	 operation,	 but	 they	 involve	 NOx	
emission	rates	that	are	highly	variable	and	greater	than	emissions	during	steady‐state	operations.	This	is	
because	the	emission	control	systems	are	not	fully	functioning	during	these	events.	In	the	case	of	the	DLN	
combustors,	the	turbines	must	achieve	a	minimum	operating	rate	before	this	system	is	functional.	The	
same	is	true	of	the	SCR.	The	SCR	and	oxidation	catalysts	systems	must	be	heated	to	a	specific	minimum	
temperature	before	the	catalysts	systems	become	effective.		
	
The	principal	method	to	limit	startup	and	shutdown	emissions	is	to	complete	these	operations	as	quickly	
as	possible	in	accordance	with	manufacturer’s	specifications.	The	duration	of	a	startup	event	is	primarily	
dependent	 on	 the	 steam	 turbine	 temperature	 and	 limitations	 on	 the	 rate	 that	 the	 steam	 turbine	
temperature	can	be	increased.	However,	startup	requirements	are	also	affected	by	combustion	turbine	
and	heat	recovery	steam	generator	temperature	requirements.		
	
Each	Lake	Side	power	blocks	include	an	auxiliary	boiler	in	order	to	minimize	combustion	turbine	startup	
times	and	emissions.	Approximately	one	hour	before	a	cold	startup	of	a	combustion	turbine,	the	auxiliary	
boiler	is	ramped	up	to	full	power	in	order	to	raise	the	steam	turbine	temperature	and	minimize	startup	
time.	 During	 this	 one‐hour	 period,	 the	 combustion	 turbine	 is	 on	 turning	 gear,	 the	 turbine	 and	 heat	
recovery	steam	generator	are	purged,	auxiliary	steam	is	gradually	introduced	to	the	turbine	gland	sealing	
steam	systems,	and	the	primary	steam	lines	are	warmed	and	purged.	
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After	combustion	turbine	ignition,	the	turbine	is	ramped	to	partial	load,	and	held	at	this	load,	sufficient	to	
heat	the	heat	recovery	steam	generator.	The	partial	load	hold	point(s)	vary	depending	on	the	combustion	
turbine	and	steam	turbine	manufacturer	requirements.	The	auxiliary	boiler	continues	to	provide	steam	
to	 the	 steam	 turbine	 until	 the	 combustion	 turbine/heat	 recovery	 steam	 generator	 can	 provide	 the	
required	steam	pressures,	temperatures,	and	flows.	
	
The	use	of	SCR	to	control	NOx	is	not	technically	feasible	when	the	surface	of	the	SCR	catalyst	is	outside	of	
the	manufacturer’s	recommended	operating	range.	Ammonia	cannot	be	introduced	to	control	NOx	outside	
of	the	recommended	temperatures	since	the	NH3	will	not	react	with	the	NOx	completely.	Therefore,	SCR	
cannot	be	used	to	control	NOx	emissions	during	gas	turbine	startup	or	shutdown	when	the	SCR	catalyst	is	
below	minimum	operating	temperature.		
	
Even	at	low	fuel	rates,	NOx	is	emitted	in	diffusion	flame	mode	in	the	turbine	combustor	during	the	first	
phase	of	startup.	When	the	turbine	load	reaches	conditions	that	are	predetermined	by	the	turbine	control	
system,	the	combustors	switch	to	dry	low‐NOx	operation,	and	NOx	emissions	are	controlled	by	the	DLN	
combustion	system	of	the	combustion	turbine.	Once	conditions	reach	minimum	temperature	for	the	SCR	
catalysts,	NH3	injection	can	be	initiated	for	NOx	control.	
	
There	are	no	other	technically	feasible	control	techniques	to	reduce	NOx	emissions	during	startup	and	
shutdown.	For	Lake	Side	operations,	startup	is	defined	as	the	period	beginning	with	turbine	initial	firing	
until	the	unit	stabilizes	at	the	NOx	emission	limits	of	2.0	ppmvd	@15%	02	and	CO	emission	limits	of	3.0	
ppmvd	@	15%	O2,	respectively,	for	steady	state	operation.	Shutdown	is	defined	as	the	period	beginning	
with	the	initiation	of	turbine	shutdown	sequence	and	ending	with	the	cessation	of	firing	of	the	gas	turbine	
engine.	 Startup	and	shutdown	events	 shall	not	exceed	613.5	hours	per	 turbine	 (power	Block	#1)	and	
553.6	hours	per	turbine	(power	Block	#2)	per	rolling	12‐month	period	and	emissions	during	startup	and	
shutdown	are	counted	 toward	the	applicable	annual	emission	 limitations.	The	cumulative	startup	and	
shutdown	period	shall	not	exceed	14‐hours	per	turbine	(Block	#1)	and	8	hours	per	turbine	(Block	#2)	in	
any	one	calendar	day,	commencing	at	midnight.		
	
Block	#1	has	a	maximum	NOx	emission	rate	of	≤112	ppm	@15%	O2	based	on	a	4‐hour	rolling	average	at	
all	times	including	periods	of	startup	and	shutdown.	For	power	Block	#2,	NOx	emissions	during	startup	
and	shutdown	will	not	exceed	130	lb/hr	based	on	an	hourly	average.		
	
The	only	available	approach	to	reducing	startup	and	shutdown	emissions	from	combustion	turbines	is	to	
use	best	work	practices.	By	following	equipment	manufacture’s	recommendations,	power	plant	operators	
can	limit	the	duration	of	each	startup	and	shutdown	event	to	the	minimum	duration	that	can	be	achieved.	
Plant	 operators	 also	 use	 their	 operational	 experience	 with	 the	 equipment	 to	 optimize	 startup	 and	
shutdown.		
	
Thus,	BACM	for	startup	and	shutdown	is	best	work	practices	and	operating	the	units	in	accordance	with	
manufacturer	 specifications	 and	 adherence	 to	 the	 NOx	 limits	 in	 the	 Title	 V	 permit	 for	 startup	 and	
shutdown	modes.	No	technologies	were	identified	for	reducing	emissions	from	startups	and	shutdowns.	
No	additional	limits	or	emissions	monitoring	techniques	are	proposed.	For	Lake	Side	Blocks	#1	and	#2	
startup	and	shutdown	limits	are	as	follows:	


 Lake	Side	#1		
 Startup	and	shutdown	events	 shall	not	exceed	613.5	hours	per	 turbine	per	12‐month	


rolling	period,	
 Total	 startup	 and	 shutdown	events	 shall	 not	 exceed	14	hours	 per	 turbine	 in	 any	 one	


calendar	day,	
 Cumulative	 short‐term	 transient	 load	 excursions	 shall	 not	 exceed	 160	 hours	 per	 12‐


month	rolling	period,	and	
 During	periods	of	transient	load	conditions,	NOx	shall	not	exceed	25	ppmvd	at	15%	O2.	
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 Lake	Side	#2	
 Startup	and	shutdown	events	shall	not	exceed	553.6	hours	per	turbine	per	12‐month	rolling	


period,	
 Total	startup	and	shutdown	events	shall	not	exceed	8	hours	per	turbine	in	any	one	calendar	


day,	
 Cumulative	short‐term	transient	load	excursions	shall	not	exceed	160	hours	per	12‐month	


rolling	period,	and	
 During	periods	of	transient	load	conditions,	NOx	shall	not	exceed	25	ppmvd	at	15%	O2.	
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4.2 Auxiliary Boilers and Dew Point Heater 
	
At	the	Lake	Side	plant,	there	are	two	auxiliary	boilers	(EU#4	–	Block	#1)	rated	at	62.765	MMBtu/hr	and	
(EU#11	‐	Block	#2)	rated	at	57.6	MMBtu/hr.	There	is	also	a	small	fuel	dew	point	heater	(EU#5)	which	is	
rated	at	4.76	MMBtu/hr.	However,	the	dew	point	heater	is	out	of	service	and	is	not	expected	to	be	operated	
in	the	future.	Both	auxiliary	boilers	and	the	dew	point	heater	are	fired	on	pipeline‐quality	natural	gas.	The	
auxiliary	boilers	provide	steam	during	turbine	startup.	
	
As	mentioned	previously,	there	are	two	ways	that	NOx	are	primarily	formed	in	a	combustion	process.		The	
first	 way	 NOx	 is	 formed	 is	 within	 the	 high	 temperature	 environment	 of	 the	 combustor	 with	 the	
combination	of	elemental	nitrogen	and	oxygen	in	the	combustion	air	(thermal	NOx).		The	second	way	NOx	
is	 formed	 is	 through	 the	 oxidation	 of	 nitrogen	 contained	 in	 the	 fuel	 (fuel	 NOx).	 The	majority	 of	 NOx	
emissions	from	the	auxiliary	boiler	and	convection	heaters	will	be	the	result	of	thermal	NOx.	The	rate	of	
formation	of	thermal	NOx	is	a	function	of	the	residence	time	and	free	oxygen	and	is	exponential	with	peak	
flame	temperature.		
	
4.2.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
The	following	control	options	were	evaluated	for	controlling	NOx	emissions	from	the	auxiliary	boilers	and	
dew	 point	 heater.	 They	 are	 categorized	 as	 combustion	 and	 post‐combustion	 controls.	 Combustion	
controls	 include:	 good	 combustion	 practices,	 low	NOx	 burners	 (LNB),	 ultra‐low	NOx	 burners	 (UNLB),	
staged	air/fuel	combustion	or	overfire	air	injection,	and	flue	gas	recirculation.	Post‐combustion	controls	
include:	SNCR,	SCR,	and	EMx	or	a	combination	of	combustion	and	post‐combustion	controls.	
	
4.2.1.1 Good Combustion Practices 
	
Good	combustion	practices	(GCP)	generally	include	the	following	components:		
	


1. Proper	air/fuel	mixing	in	the	combustion	zone;		
2. High	temperatures	and	low	oxygen	levels	in	the	primary	combustion	zone;		
3. Overall	 excess	 oxygen	 levels	 high	 enough	 to	 complete	 combustion	 while	 maximizing	 boiler	


thermal	efficiency,	and		
4. Sufficient	 residence	 time	 to	complete	combustion.	Good	combustion	practices	 is	accomplished	


through	boiler	design	as	it	relates	to	time,	temperature,	and	turbulence,	and	boiler	operation	as	it	
relates	to	excess	oxygen	levels.		


	
4.2.1.2 Low NOx Burners 
	
Low‐NOx	burner	technology	uses	advanced	burner	design	to	reduce	NOx	formation	through	the	restriction	
of	oxygen,	flame	temperature,	and/or	residence	time.		There	are	two	general	types	of	LNB:	staged	fuel	and	
staged	air	burners.	 In	a	staged	fuel	LNB,	the	combustion	zone	is	separated	into	two	regions.	 	The	first	
region	 is	 a	 lean	 combustion	 region	where	 a	 fraction	 of	 the	 fuel	 is	 supplied	with	 the	 total	 quantity	 of	
combustion	air.		Combustion	in	this	zone	takes	place	at	substantially	lower	temperatures	than	a	standard	
burner.	 	 In	 the	second	combustion	region,	 the	remaining	 fuel	 is	 injected	and	combusted	with	 left	over	
oxygen	from	the	first	region.		This	technique	reduces	the	formation	of	thermal	NOx.		
	
Staged	fuel	LNBs	are	well	suited	for	boilers	burning	natural	gas	which	generate	higher	thermal	NOx.		By	
increasing	residence	times,	staged‐air	LNBs	provide	reducing	conditions	which	has	a	greater	impact	on	
fuel	NOx	than	staged	fuel	burners.		
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4.2.1.3 Ultra-Low NOx Burners with Internal Flue Gas Recirculation 
	
Ultra‐low	NOx	burners	may	 incorporate	a	variety	of	 techniques	 including	 flue	gas	recirculation,	 steam	
injection,	or	a	combination	of	techniques.		These	burners	combine	the	benefits	of	flue	gas	recirculation	
and	low‐NOx	burner	control	technologies.		The	ULNB	is	designed	to	recirculate	hot,	oxygen	depleted	flue	
gas	 from	 the	 flame	 or	 firebox	 back	 into	 the	 combustion	 zone.	 By	 doing	 this,	 the	 average	 oxygen	
concentration	is	reduced	in	the	flame	without	reducing	the	flame	temperatures	below	which	is	necessary	
for	optimal	combustion	efficiency.	Reducing	oxygen	concentrations	in	the	flame	impacts	the	amount	of	
fuel	NOx	generated.		Ultra‐low	NOx	burners	with	FGR	can	achieve	NOx	emission	rates	of	7	to	9	ppmvd	@	
3%	O2	without	post‐combustion	controls.	
	
4.2.1.4 Staged Air/Fuel Combustion or Overfire Air Injection 
	
Overfire	air	(OFA)	is	a	combustion	staging	processes	typically	used	in	conjunction	with	low	NOx	burners.	
A	portion	of	the	combustion	air	is	redirected	from	the	LNB	to	a	higher	elevation	in	the	furnace	to	reduce	
peak	 flame	 temperatures	 by	 reducing	 the	 concentration	 of	 oxygen	 in	 portions	 of	 the	 furnace.	 This	
technique	is	used	to	create	an	oxygen	depleted	zone	where	unburned	hydrocarbon	species	act	to	reduce	
the	 NOx	 that	 was	 formed	 near	 the	 burner.	 The	 overfire	 air	 creates	 an	 oxidation	 zone	 to	 complete	
combustion.	NOx	formation	is	minimized	by	completing	combustion	in	an	air‐lean	environment.	
	
4.2.1.5 Flue Gas Recirculation 
	
Flue	gas	recirculation	is	another	combustion	control	used	to	reduce	NOx.		FGR	involves	the	recycling	of	
fuel	gas	into	the	air‐fuel	mixture	at	the	burner	to	help	cool	the	burner	flame.	Internal	FGR,	used	primarily	
in	ULNB,	 involves	recirculating	the	hot	O2‐depleted	 flue	gas	 from	the	heater	 into	the	combustion	zone	
using	burner	design	features.		External	FGR,	usually	used	with	LNB,	requires	the	use	of	hot‐side	fans	and	
ductwork	to	route	a	portion	of	the	flue	gas	in	the	stack	back	to	the	burner	windbox.			
	
4.2.1.6 Selective Non-Catalytic Reduction 
	
SNCR	is	a	post‐combustion	control	system	that	involves	the	injection	of	ammonia	or	urea	with	proprietary	
chemicals	into	the	exhaust	stream	without	a	catalyst.	SNCR	technology	requires	gas	temperatures	in	the	
range	of	1,600°F	to	2,100°F	and	is	most	commonly	used	in	boilers.			
	
4.2.1.7 Selective Catalytic Reduction 
	
SCR	is	a	post	combustion	technology	that	reacts	the	NOx	in	the	boiler	exhaust	with	ammonia	or	urea	and	
oxygen	in	the	presence	of	a	catalyst	to	form	nitrogen	and	water.	The	ammonia	injection	grid	is	located	
upstream	of	 the	 catalyst.	 SCR	 technology	 requires	 optimal	 gas	 temperatures	 in	 the	 range	 of	 480°F	 to	
800°F.	 NOx	 conversion	 is	 sensitive	 to	 exhaust	 temperature	 and	 performance	 can	 be	 limited	 by	
contaminants	in	the	exhaust	gas	that	may	poison	the	catalyst.	A	small	amount	of	ammonia	is	not	consumed	
in	the	reaction	and	is	emitted	in	the	exhaust	stream.		
	
4.2.1.8 EMx™ 
	
EMx™	 is	a	catalytic	oxidation	and	absorption	control	 technology	 that	uses	a	platinum‐based	oxidation	
catalyst	 coated	with	 K2CO3	 to	 oxidize	 and	 remove	 both	 NOx,	 CO,	 and	 VOC	without	 a	 reagent	 such	 as	
ammonia.	 	NOx	 reduction	using	EMx™	occurs	most	 effectively	 at	 temperatures	 ranging	 from	300°F	 to	
700°F.	 The	 demonstrated	 application	 for	 this	 technology	 is	 currently	 limited	 to	 combined	 cycle	
combustion	turbines	less	than	50	MW	and	diesel‐fired	boilers.			
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4.2.2 Step 2 – Eliminate Technically Infeasible Options 
	
State‐by‐state	reviews	as	well	as	the	EPA’s	RACT/BACT/LAER	Clearinghouse	databases	were	searched	to	
identify	 facilities	 that	were	 using	 post‐combustion	 control	 devices,	 such	 as	 SNCR,	 SCR,	 and	 EMx™	 for	
removal	of	NOx	for	natural	gas‐fired	auxiliary	boilers	and	fuel	gas	conditioning	heaters	used	at	combined‐
cycle	plants.	No	facilities	were	identified	in	the	search	that	utilized	the	post‐combustion	controls	of	SNCR	
and	EMx	on	natural	gas	fired	auxiliary	boilers	and/or	convection	heaters.	SNCR	technology	has	exhaust	
gas	temperatures	and/or	oxygen	content	constraints	that	would	prevent	these	technologies	from	being	
applied	to	the	auxiliary	boiler	and	convection	heaters.	EMx™	has	not	been	demonstrated	in	practice	on	
natural	gas	fired	boilers	and	heaters.		
	
The	effectiveness	of	an	SCR	system	requires	the	catalyst,	and	thus	the	treated	exhaust	stream,	to	be	within	
a	 certain	 temperature	 range	 for	 the	NOx	 reduction	 reaction	 to	 take	place.	The	 auxiliary	boiler	will	 be	
operated	to	support	the	turbine	startup	process.	The	majority	of	boiler	operations	are	expected	to	be	at	
low	load,	where	the	exhaust	gas	temperature	is	expected	to	be	below	the	minimum	needed	for	effective	
SCR	control.	While	the	boiler	will	operate	at	full	load	periodically,	the	length	of	time	at	which	it	will	operate	
is	expected	to	be	so	short	that	the	SCR	system	could	rarely,	if	ever,	be	used	effectively.	Stack	testing	of	the	
boilers	measured	the	average	temperature	of	the	exhaust	to	be	279°F	and	317°F	for	Boiler	#1	and	Boiler	
#2,	well	below	the	optimal	range	for	a	SCR	to	be	effective.	Therefore,	this	technology	is	not	considered	
technically	feasible	for	the	auxiliary	boilers	in	this	application.		
	
The	dew	point	heater	is	a	small	heater	(EU#5)	used	to	heat	the	natural	gas	prior	to	its	introduction	into	
the	 combustion	 turbine	 in	 Block	 #1	 to	 provide	 the	 optimum	 combustion	 efficiency.	 Like	 mentioned	
previously,	the	dew	point	heater	is	out	of	service	and	is	not	expected	to	operate	in	the	future.	If	the	unit	
was	operational,	the	expected	temperature	of	the	dew	point	heater	exhaust	gas	will	be	on	the	order	of	
350°F	 or	 less	while	 the	minimum	 temperature	 for	 effective	NOx	 reduction	with	 SCR	 is	 approximately	
600°F.	 Because	 the	 temperature	 of	 the	 exhaust	 gas	 will	 be	 below	 manufacturers	 recommended	
temperatures	of	the	proper	SCR	temperature	range,	SCR	has	not	been	identified	as	being	operated	on	any	
similar	unit.	Therefore,	this	technology	is	not	considered	technically	feasible	for	the	dew	point	heater	in	
this	application.	
	
Thus,	these	technologies	were	eliminated	from	further	review.	The	remaining	control	technologies	are	
technically	feasible	and	will	be	further	considered	for	BACT.	
	
4.2.3 Step 3 – Rank Remaining Control Technologies by Control Effectiveness 
	
Based	on	the	results	of	Step	2,	several	control	technologies	remain	and	have	been	ranked	in	decreasing	
order	by	the	approximate	level	of	emissions	reduction.	These	technologies	are	presented	in	Table	4‐3.		
	


Table 4-3 NOx Control Technologies and Level of Emissions 
Control Technology Level of Emissions 


(lb/MMBtu) 
Level of Emissions 


(ppm@3%O2) 
ULNB		 0.0085	–	0.011	 7.0	–	9.0	
LNB	with	FGR	 0.011‐0.020	 9.0	–	16.5	
LNB	with	GCP	 0.036	 29.7	
LNB	 0.070	 57.8	
FGR	 0.20	 165.2	
Staged	air/fuel	combustion	or	overfire	air	injection	 0.25	 206.5	
GCP	with	conventional	burners	 0.30	 247.8	
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4.2.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
While	all	the	control	technologies	ranked	in	Step	3	are	technically	feasible,	two	control	technologies	were	
identified	that	offered	the	top	level	of	control.	They	include	ULNB	and	LNB	with	FGR.	The	auxiliary	boilers	
operated	 at	 Lake	 Side	 are	 equipped	 with	 dry	 LNB	 with	 FGR	 and	 achieve	 an	 emission	 rate	 of	 0.017	
lb/MMBtu	which	equates	to	approximately	15	ppm.	This	is	within	the	range	indicated	in	Table	4‐3	using	
LNB	and	FGR.		
	
Data	from	EPA’s	RACT/BACT/LAER	Clearinghouse	shows	typical	BACT	NOx	emission	rates	for	natural	gas	
fired	boilers	less	than	100	MMBtu/hr	range	from	0.010	to	0.14	lb/MMBtu	range	and	for	the	dew	point	
heater,	NOx	emission	rates	range	from	0.013	lb/MMBtu	to	0.14	lb/MMBtu.	Table	4‐5	presents	a	summary	
of	NOx	emission	limits	and	the	control	techniques	utilized	to	achieve	the	listed	emission	rate.		This	table	
is	not	exhaustive,	rather	lists	the	emission	rates	and	control	technologies	utilized	in	the	past	few	years	
from	select	plants.			
	


Table 4-4 Summary of NOx Control Technologies and Emission Rates for Auxiliary Boilers 
and Dew Point Heater 


Facility RBLC ID 
Number/Rating 


Date of Permit NOx Emission 
Limit at 15% O2 


Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085		
(97.5	
MMBtu/hr)	


07/19/2016	
0.010	lb/MMbtu	
avg.	3	one‐hour	
stack	tests	


LNB,	FGR,	clean	
burning	fuels	


PSEG	Fossil	LLC	
Sewaren	
Generating	Station	


NJ‐0084		
(80	MMBtu/hr)	


3/10/2016	 0.010	lb/MMBtu	–	3	
stack	tests	


LNB,	FGR	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	
Center		


FL‐0356		
(99.8	
MMBtu/hr)	


03/09/2016	 0.050	lb/MMBtu	 LNB	


CPV	Towantic,	LLC	
CPV	Towantic	


CT‐0159		 02/19/2016	 0.008	lb/MMBtu	(7	
ppmvd@3%O2)	


ULNB	


Mattawoman	
Energy,	LLC	
Mattawoman	
Energy	Center	


MD‐0045		
(42	MMBtu/hr)	


11/13/2015	 0.010	lb/MMbtu	3‐
hour	block	average	


ULNB,	GCP	


Black	Hills	Power	
Inc.	Cheyenne	
Prairie	Generating	
Station	


WY‐0075		
(23.06	
MMBtu/hr)	


07/16/2014	 0.0175	lb/MMBtu	 ULNB,	FGR	


Keys	Energy	
Center,	LLC	
Keys	Energy	
Center	


10/31/2014		
(93	MMBtu/hr)	


10/31/2014	 0.010	lb/MMBtu	3‐
hour	block	average	


LNB,	GCP,	clean	
burning	fuels	


CPV	Maryland,	LLC	
CPV	St.	Charles	


MD‐0041		
(93	MMBtu/hr)	


04/23/2014	 0.011	3‐hr	average	 ULNB,	FGR,	GCP	


Old	Dominion	
Electric	Corp.	
Wildcat	Point	
Generating	Facility	


MD‐0042		
(45	MMBtu/hr)	


04/08/2014	 0.010	lb/MMBtu	3‐
hour	block	avg.)	


GCP,	clean	
burning	fuels	
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A	review	of	San	Joaquin	Valley	Air	Pollution	Control	Districts	(SJVAPCD)	BACT	database	for	boilers	in	this	
size	range	with	variable	loads	shows	that	less	than	15	ppm	is	considered	achieved	in	practice	while	9	ppm	
is	 considered	 technically	 feasible.	 The	 Bay	 Area	 Air	 Quality	 Management	 District	 (BAAQMD)	 has	
determined	that	9	ppm	is	achieved	in	practice	while	7	ppm	is	considered	technologically	feasible.	 
	
4.2.4.1 Energy, Environmental, and Economic Impacts 
	
The	auxiliary	boilers	at	Lake	Side	utilize	low‐NOx	burners	and	FGR	which	is	the	second	highest	ranking	
control	technology.	Stack	tests	of	these	boilers	resulted	in	average	NOx	emission	rates	of	0.013	lb/MMBtu	
and	0.009	lb/MMbtu	for	Block	#1	and	Block	#2	boilers,	respectively.	Emission	rates	from	the	boiler	at	
Block	#2	are	in	the	expected	range	of	emission	rates	obtained	from	boilers	of	similar	size	utilizing	ULNB	
technology.		
	
To	replace	burners	on	auxiliary	boiler	#1,	 the	cost	has	been	estimated	by	PacifiCorp	 to	be	easily	over	
$100,000	which	equates	to	over	$50,000	per	ton	of	NOx	reduced.	Thus,	replacing	boiler	#1	with	ULNB	
achieving	 an	 emissions	 rate	 of	 0.009	 lb/MMBtu	 is	 not	 cost	 effective	 (Appendix	 A).	 No	 energy	 or	
environmental	impacts	are	anticipated	with	the	use	of	LNB	and	FGR	or	ULNB.		
	
4.2.5 Step 5 – Select BACM 
	
A	review	of	the	RBLC	indicates	that	ULNB,	LNB	with	FGR,	good	combustion	practices	and	clean‐burning	
fuels	 have	 typically	 been	 determined	 to	 be	 BACT	 for	 boilers.	 The	 most	 stringent	 control,	 with	 a	
corresponding	emission	rate	of	7	ppm	@	3%	O2	(0.008	lb/MMBtu)	has	been	proposed	by	CPV	Towantic	
through	the	use	of	ULNB	and	clean	burning	fuels	such	as	natural	gas.	The	CPV	Towantic	is	not	operational	
so	this	limit	has	not	been	achieved	in	practice.	The	BAAQMD	BACT	guideline	indicates	that	SCR	is	needed	
to	achieve	7	ppm,	and,	as	discussed	above,	SCR	is	not	feasible	for	Lake	Side’s	auxiliary	boilers.	


Thus,	the	use	of	LNB,	pipeline	quality	natural	gas,	and	good	combustion	practices	represents	BACM	for	
the	auxiliary	boilers	and	dew	point	heater	at	Lake	Side.	In	addition,	to	comply	with	40	CFR	63	Subpart	
DDDDD,	 the	 facility	 conducts	annual	performance	 tune‐ups	on	 the	auxiliary	boilers	 to	 insure	 they	are	
operating	effectively	and	efficiently.			


The	 Lake	 Side	 auxiliary	 boilers	 utilize	 pipeline	 quality	 natural	 gas,	 dry	 LNB,	 and	 good	 combustion	
practices	for	NOx	control.	Each	Lake	Side	auxiliary	boiler	has	an	emissions	limit	of	0.017	lb/MMBtu	based	
on	a	three‐hour	testing	average.	No	additional	limits	or	emissions	monitoring	techniques	are	proposed.	


The	proposed	BACM,	NOx	emission	limits,	and	monitoring	methods	to	insure	compliance	with	the	limits	
are	presented	in	Table	4‐5.		


Table 4-5 Proposed BACM, NOx Emission Limits, and Monitoring Methods for Auxiliary 
Boilers 


Pollutant Unit Control Technology Emission Limit Monitoring 
Method 


NOx	 EU#4,	
EU#13	


LNB,	GCP,	clean	burning	fuels 0.017	lb/mmBtu	3‐hr	avg.	 Stack	 test	 every	5	
years	
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4.3 Emergency Diesel Engines 
	
The	emergency	diesel	fired	equipment	at	the	Lake	Side	power	plant	consists	of	two	1,500	horsepower	
(HP)	generators	#1	and	#2	(EU#6	and	EH#14),	and	an	emergency	diesel	fire	pump	(EU#7)	rated	at	290	
HP.		


Diesel	engines	are	classified	as	compression	ignition	(CI)	internal	combustion	engines.	In	diesel	engines,	
air	is	drawn	into	a	cylinder	as	the	piston	creates	space	for	it	by	moving	away	from	the	intake	valve.	The	
piston’s	 subsequent	 upward	 swing	 then	 compresses	 the	 air,	 heating	 it	 at	 the	 same	 time.	Next,	 fuel	 is	
injected	 under	 high	 pressure	 as	 the	 piston	 approaches	 the	 top	 of	 its	 compression	 stroke,	 igniting	
spontaneously	 as	 it	 contacts	 the	 heated	 air.	 The	 hot	 combustion	 gases	 expand,	 driving	 the	 piston	
downward.	During	its	return	swing,	the	piston	pushes	spent	gases	from	the	cylinder,	and	the	cycle	begins	
again	with	an	intake	of	fresh	air.		


The	predominant	mechanism	for	NOx	formation	from	internal	combustion	engines	is	thermal	NOx	which	
arises	from	the	thermal	dissociation	and	subsequent	reaction	of	nitrogen	and	oxygen	molecules	 in	the	
combustion	air.	


4.3.1 Step 1 – Identify all Existing and Potential Emission Control Technologies 
	
The	 following	 control	 options	 were	 evaluated	 for	 controlling	 NOx	 emissions	 from	 the	 CI	 combustion	
engines.	They	are	categorized	as	combustion	modifications	and	post‐combustion	controls.	Combustion	
modifications	 include:	 ignition	 timing	 retard,	 air‐to‐fuel	 ratio,	 and	 derating.	 Post	 combustion	 controls	
include	SCR,	NSCR	catalyst,	and	NOx	absorption	systems.	


4.3.1.1 Ignition Timing Retard 
	
As	described	above,	the	injection	of	diesel	fuel	into	the	cylinder	of	a	CI	engine	initiates	the	combustion	
process.		With	ignition	timing	retard,	this	combustion	modification	lowers	NOx	emissions	by	moving	the	
ignition	event	to	later	in	the	power	stroke	when	the	piston	is	in	the	downward	motion	and	combustion	
chamber	volume	is	increasing.	Because	the	combustion	chamber	volume	is	not	at	its	minimum,	the	peak	
flame	temperature	is	reduced	which	reduces	the	formation	of	thermal	NOx.	


4.3.1.2 Air-to-Fuel Ratio 
	
Diesel	engines	are	inherently	lean‐burn	engines.	The	air‐to‐fuel	ration	can	be	adjusted	by	controlling	the	
amount	 of	 fuel	 that	 enters	 each	 cylinder.	 By	 reducing	 the	 air‐to‐fuel	 ratio	 to	 near	 stoichiometric,	
combustion	will	 occur	under	 conditions	of	 less	 excess	oxygen	and	 reduced	 combustion	 temperatures.	
Lower	oxygen	levels	and	combustion	temperature	reduce	NOx	formation.	


4.3.1.3 Derating 
	
Derating	involves	restricting	engine	operation	to	lower	than	normal	levels	of	power	production.	Derating	
reduces	cylinder	pressure	and	temperatures	which	reduces	NOx	formation.	
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4.3.1.4 Selective Catalytic Reduction 
	
Selective	catalytic	reduction	systems	introduce	a	liquid	reducing	agent	such	as	ammonia	or	urea	into	the	
flue	gas	stream	before	the	catalyst.	The	catalyst	reduces	the	temperature	needed	to	initiate	the	reaction	
between	the	reducing	agent	and	NOx	to	form	nitrogen	and	water.	


For	SCR	systems	to	function	effectively,	exhaust	temperatures	must	be	high	enough	(200°C	to	500°C)	to	
enable	catalyst	activation.	For	this	reason,	SCR	control	efficiencies	are	expected	to	be	relatively	low	during	
the	first	20	to	30	minutes	after	engine	start	up,	especially	during	maintenance	and	testing.	There	are	also	
complications	controlling	the	excess	ammonia	(ammonia	slip)	from	SCR	use.	


4.3.1.5 Non-Selective Catalytic Reduction 
	
Non‐selective	catalytic	 reduction	system	are	used	 to	 reduce	emission	 from	rich‐burn	engines	 that	are	
operated	stoichiometrically	or	fuel‐rich	stoichiometric.		In	the	engine	exhaust,	NSCR	catalysts	convert	NOx	
to	nitrogen	and	oxygen.		NSCR	catalytic	reactions	require	that	O2	levels	be	kept	low	and	that	the	engine	be	
operated	at	 fuel‐rich	air‐to	fuel‐ratios.	Lean‐burn	engines	are	characterized	by	an	oxygen‐rich	exhaust	
which	minimizes	the	potential	for	NOx	reduction.		


4.3.1.6 NOx Absorption Systems (Lean NOx Traps)  
	
NOx	absorber	development	is	a	new	catalyst	advance	for	removing	NOx	in	a	lean	(i.e.,	oxygen	rich)	exhaust	
environment	for	both	diesel	and	gasoline	lean‐burn	direct‐injection	engines.	
	
With	this	developing	technology,	NO	is	catalytically	oxidized	to	NO2	and	stored	in	an	adjacent	chemical	
trapping	site	as	a	nitrate.	The	stored	NOx	is	removed	in	a	two‐step	reduction	step	by	temporarily	inducing	
a	rich	exhaust	condition.	NOx	adsorbers	(sometimes	referred	to	as	lean	NOx	traps)	employ	precious	metal	
catalyst	sites	to	carry	out	the	first	NO	to	NO2	conversion	step.	The	NO2	then	is	adsorbed	by	an	adjacent	
alkaline	earth	oxide	site	where	it	chemically	reacts	and	is	stored	as	a	nitrate.	When	this	storage	media	
nears	capacity	it	must	be	regenerated.	This	is	accomplished	in	by	creating	a	rich	atmosphere	with	injection	
of	 a	 small	 amount	 of	 diesel	 fuel.	 The	 released	NOx	 is	 quickly	 reduced	 to	N2	by	 reaction	with	CO	on	 a	
rhodium	catalyst	site	or	another	precious	metal	that	is	also	incorporated	into	this	unique	single	catalyst	
layer.	


4.3.2 Step 2 – Eliminate Technically Infeasible Options 
	
NSCR	catalysts	are	effective	to	reduce	NOx	emission	when	applied	to	rich‐burn	engines	fired	on	natural	
gas,	propane	or	gasoline.	The	proposed	diesel	engines	are	 inherently	 lean‐burn	engines;	 thus,	NSCR	is	
eliminated	from	further	consideration.		


In	 addition,	 NOx	 absorbers	 were	 eliminated	 from	 further	 consideration	 since	 NOx	 adsorbers	 are	
experimental	 technology	and	no	commercial	 applications	of	NOx	absorbers	were	 identified	 in	 state	or	
EPA’s	 RBLC	RACT/BACT/LAER	 Clearinghouse	 databases	 as	 being	 employed	 on	 stationary	 emergency	
generators	or	 fire	pumps.	 	Also,	 the	 literature	 indicates	 that	 testing	of	 these	NOx	absorbers	has	raised	
issues	about	sustained	performance	of	the	catalyst.	Current	lean	NOx	catalysts	are	prone	to	poisoning	by	
both	lube	oil	and	fuel	sulfur.	
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4.3.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	remaining	control	options,	combustion	modifications	and	the	post‐combustion	control,	SCR	will	be	
examined	further.	Combustion	controls	have	been	demonstrated	to	reduce	NOx	emissions	from	CI	engines	
by	approximately	50%;	the	use	of	a	SCR	can	reduce	emissions	in	the	range	from	70	to	90%.	


4.3.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	top	control	option,	SCR,	uses	a	reducing‐agent	like	ammonia	or	urea	(which	is	usually	preferred)	with	
a	special	catalyst	to	reduce	NOx	in	diesel	exhaust	to	N2.		The	SCR	catalyst	sits	in	the	exhaust	stream	and	
the	 reducing	 agent	 is	 injected	 into	 the	 exhaust	 ahead	of	 the	 catalyst.	Once	 injected	 the	urea	 becomes	
ammonia	and	the	chemical	reduction	reaction	between	the	ammonia	and	NO	takes	place	across	the	SCR	
catalyst.	With	the	use	of	an	SCR,	there	is	the	potential	for	some	ammonia	to	“slip”	through	the	catalyst.	


4.3.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	several	downsides	with	using	an	SCR.	First,	an	improperly	functioning	SCR	system	can	create	
excess	 ammonia	 emissions.	 SCR	 systems	 also	 add	 significant	 equipment	 to	 the	 engine	 system	which	
increases	the	possibility	of	failures	and	increasing	on‐going	maintenance	costs.		


SCR	systems	have	two	key	operating	variables	that	work	together	to	achieve	NOx	reductions.	These	are	
the	exhaust	temperature	and	the	injection	of	urea	or	ammonia.	The	exhaust	temperature	must	be	between	
260°C	and	540°C	for	the	catalyst	to	operate	properly.	SCR	systems	will	not	begin	injection	of	ammonia	in	
the	form	of	urea	until	the	catalyst	has	reached	the	minimum	operating	temperature.	The	urea	is	a	critical	
component	 in	determining	 the	control	efficiency	of	 the	SCR.	 It	must	be	 injected	 in	 the	exhaust	stream	
upstream	of	the	SCR	system.	In	the	catalyst,	it	reacts	to	reduce	NOx	to	from	N2	and	H2O.	The	reaction	takes	
place	because	the	catalyst	lowers	the	reaction	temperature	necessary	for	NOx.	


Since	 SCR	 systems	 require	 an	 operating	 temperature	 between	 260°C	 and	 540°C,	 reaching	 these	
temperatures	may	be	difficult	in	routine	maintenance	and	testing	operations	where	the	engine	is	typically	
operated	at	low	load	for	a	short	period	of	time.	If	the	critical	temperatures	are	not	met	while	the	engine	is	
running,	there	will	be	no	NOx	reduction	benefit.	To	have	NOx	reduction	benefit,	the	engine	would	need	to	
be	operated	with	higher	loads	and	for	a	longer	period	of	time.	This	would	be	a	challenge	for	PacifiCorp	
since	each	engine	is	limited	to	100	operating	hours	per	year.			


In	 addition,	 urea	 handling	 and	maintenance	must	 be	 considered.	 Urea	 crystallization	 in	 the	 lines	 can	
damage	 the	 SCR	 system	and	 the	 engine	 itself.	 Crystallization	 in	 the	 lines	 is	more	 likely	 in	 emergency	
standby	engines	due	to	their	periodic	and	low	hours	of	usage.	The	shelf	life	of	urea	is	approximately	two	
years.	 This	 could	 increase	 the	 cost	 of	 operation	 a	 SCR	 for	 emergency	 standby	 engines	 since	 the	 low	
number	of	annual	hours	of	operation	could	lead	to	the	expiration	of	the	urea.	The	urea	would	have	to	be	
drained	and	replaced,	creating	an	extra	maintenance	step	and	an	increased	cost	to	PacifiCorp.	


Cost	evaluations	were	performed	to	determine	the	cost	of	control	per	ton	of	NOx	removed	from	an	SCR	for	
the	emergency	generator	and	fire	water	pump.	Per	EPA’s	cost	effectiveness	evaluation,	costs	per	ton	of	
NOx	removed	are	presented	in	Table	4‐6	and	in	Appendix	A.		
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Table 4-6 Cost Effectiveness of Installing SCR on Emergency Diesel Engines for NOx Control 
Equipment Cost Effectiveness 


($/Ton) 
Emergency	Generator	#1	(EU#6)	 $								230,480	
Emergency	Fire	Pump	(EU#7)	 $								230,480	
Emergency	Generator	#2	(EU#14)	 $								228,943	


	
Based	on	the	economic	costs	to	install	a	SCR	system,	the	likelihood	that	the	engine	would	not	be	at	proper	
operating	 temperature	 for	 the	 SCR	 to	 be	 effective	 due	 to	 limited	 operating	 hours,	 and	 the	 extra	
maintenance	and	disposal	costs	if	urea	were	used,	SCR	has	been	eliminated	from	further	consideration.	


Stationary	diesel‐fired	IC	engines	are	subject	 to	40	CFR	60,	Subpart	 IIII.	The	rule	establishes	emission	
standards	 for	NOx,	CO,	PM,	and	non‐methane	hydrocarbon	(NMHC),	along	with	 limiting	SO2	emissions	
through	the	use	of	lower	sulfur	fuel.	This	regulation	applies	to	the	emergency	firewater	pump	engine	and	
the	emergency	diesel	generators	at	Lake	Side.	IC	engine	manufacturers	must	certify	their	2007	model	year	
and	later	firewater	pump	and	generator	engines	to	the	emission	standards	established	in	the	rule,	for	all	
pollutants,	for	the	same	model	year	and	maximum	engine	power.	In	addition,	and	as	required	by	§60.4207,	
beginning	October	1,	2007,	owners	and	operators	of	diesel‐fired	ICEs	must	use	diesel	fuel	with	a	sulfur	
content	≤500	ppm	by	weight	and	beginning	October	15,	2010,	owners	and	operators	must	use	diesel	fuel	
with	a	sulfur	content	of	500	ppm.	


4.3.5 Step 5 - Select BACM 
	
Currently,	California	has	the	most	aggressive	emission	reduction	standards	for	diesel	engines.	The	MSC	
method	identified	includes	the	use	of	SCR	systems	to	reduce	NOx	on	diesel	engines	1000	HP	or	greater.		
SCR	systems	have	not	seen	wide	application	on	emergency	standby	engines	 less	 than	1000	HP.	Maine	
Department	of	Environmental	Protection	requires	non‐emergency	engines	to	install	SCR	technology	for	
NOx	control	if	their	potential	annual	NOx	emissions	exceed	20	tons	as	best	available	control	technology.		


40	 CFR	 60,	 Subpart	 IIII	 applies	 to	 engines	 which	 commenced	 construction	 after	 7/11/2005	 and	 are	
manufactured	after	4/1/2006	(for	non‐fire‐pump	engines),	or	an	engine	modified	or	reconstructed	after	
7/11/2005.	Subpart	IIII	applies	to	the	emergency	diesel	generators	and	fire	pump	at	the	power	plant.		


Thus,	 the	only	control	 technology	 for	 the	diesel	emergency	generators	and	fire	pump	at	 the	Lake	Side	
Power	Plant	is	a	work	practice	requirement	to	adhere	to	GCP	and	to	limit	the	operation	of	the	units	to	
required	testing	during	non‐emergency	situations.		This	control	strategy	is	technically	feasible	and	will	
not	cause	any	adverse	energy,	environmental,	or	economic	impacts	and	is	considered	BACM.		Records	of	
maintenance	and	hours	of	operation	are	kept.	A	non‐resettable	totalizer	is	installed	on	each	emergency	
diesel	engine.	No	additional	limits	or	emissions	monitoring	techniques	are	proposed.	
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5.0  BEST AVAILABLE CONTROL MEASURE DETERMINATION ANALYSIS FOR 
SULFUR DIOXIDE 


	
Emissions	 of	 SOx	 are	 entirely	 a	 function	 of	 the	 sulfur	 content	 in	 the	 fuel	 rather	 than	 any	 combustion	
variables.	During	the	combustion	process,	essentially	all	the	sulfur	in	the	fuel	is	oxidized	to	SO2.		


5.1 Combustion Gas Turbines 
	
Four	 combustion	 turbines	 are	 operated	 at	 the	 Lake	 Side	 Power	 plant.	 Each	 combustion	 turbine	 is	
equipped	with	HRSGs	and	low	NOx	duct	burners.	The	Lake	Side	combined‐cycle	power	blocks	are	fired	
exclusively	with	pipeline‐quality	natural	gas.	Typically,	natural	gas	has	only	trace	amounts	of	sulfur	that	
is	used	as	an	odorant.		


Sulfuric	 acid	mist	 emissions	 can	also	 form	as	a	 result	of	 a	 small	percentage	of	 the	SO2	 in	 the	 flue	gas	
oxidizing	to	SO3	that	combines	with	water	to	form	H2SO4.		


5.1.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
There	are	two	primary	mechanisms	to	reduce	SO2	emissions	from	combustion	sources	which	are:		


1. Reduce	the	amount	of	sulfur	in	the	fuel,	and	
2. Remove	the	sulfur	from	the	CT/HRSG	exhaust	gas	with	post‐combustion	control	device	such	as	


flue	gas	desulfurization	utilizing	wet	or	dry	scrubbers.	


5.1.1.1 Reducing the Amount of Sulfur in Fuel  
	
The	 Lake	 Side	 plant	 utilizes	 pipeline‐quality	 natural	 gas	which	 has	 a	maximum	 sulfur	 content	 of	 0.8	
percent.	The	use	of	a	fuel	containing	low	sulfur	content	in	considered	a	control	technology.	


5.1.1.2 Wet Scrubbing  
	
In	wet	 scrubbers	 chemical	 reagents,	 usually	 an	 alkali	material	 such	 as	 calcium	 in	 the	 form	of	 lime	or	
limestone,	are	mixed	with	water	and	used	in	the	scrubber.	SO2	is	absorbed	by	the	scrubbing	liquid	in	the	
scrubber	and	the	chemicals	in	the	water	react	with	the	SO2	producing	sulfite	and	sulfate	compounds.	The	
scrubbing	 liquid	which	contains	 the	SO2	 falls	 to	 the	bottom	of	 the	scrubber	and	enters	a	holding	 tank	
where	chemical	reactions	continue	to	form	solids	from	the	SO2.	


5.1.1.3 Dry Scrubbing 
	
Dry	scrubbing	is	any	scrubbing	process	that	produces	wastes	with	less	than	5%	water.	The	main	types	of	
dry	scrubbing	include	spray	drying,	dry	injection,	or	a	combination	of	the	two.	For	dry	scrubbing,	as	flue	
gas	flows	through	a	scrubber,	a	fine	mist	of	dissolved	and	partially	dissolved	alkalis	such	as	lime	is	sprayed	
in	the	scrubber.	Enough	moisture	is	added	in	the	process	to	partially	saturate	the	flue	gas,	but	the	amount	
of	moisture	is	kept	low	enough	so	that	the	final	product	remains	dry.	The	lime	slurry	absorbs	and	reacts	
with	the	sulfur	dioxide	and	is	removed	by	a	particulate	control	device.	
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5.1.2 Step 2 – Eliminate Technically Infeasible Options 
	
Post‐combustion	devices	such	as	wet	or	dry	scrubbers	are	typically	installed	on	coal‐fired	power	plants	
that	burn	fuels	with	much	higher	sulfur	contents.	The	SO2	concentrations	in	the	natural	gas	combustion	
exhaust	gases	are	too	low	for	scrubbing	technologies	to	work	effectively	or	to	be	technically	feasible	and	
cost	effective.	These	control	technologies	require	much	higher	sulfur	concentrations	in	the	exhaust	gases	
to	be	feasible	as	a	control	technology.		


Thus,	post‐combustion	SO2	 control	devices,	 such	as	wet	and	dry	 scrubbing	have	not	been	achieved	 in	
practice	at	natural	gas‐fired	power	plants,	are	not	 technically	 feasible,	and	have	been	eliminated	 from	
further	consideration.		


5.1.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	use	of	pipeline	quality	natural	gas	is	the	top	level	of	control	for	SO2.	


5.1.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	use	of	pipeline‐quality	natural	gas	is	considered	a	BACT	control	technique	for	SO2	and	sulfuric	acid	
mist	(H2SO4).	The	use	of	pipeline‐quality	natural	gas	achieves	the	lowest	SO2	emission	rates	and	has	been	
demonstrated	in	practice	at	other	similar	sources.			


Applicable	BACT	clearinghouse	determinations	were	reviewed	to	identify	SO2	control	technologies	and	
corresponding	emission	rates	that	have	been	achieved	in	practice	for	other	natural‐gas‐fired	combustion	
turbine	projects.	The	results	of	this	review	are	presented	in	Table	5‐1.	This	list	is	not	exhaustive.	
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Table 5-1 Summary of SO2 and H2SO4 Emission Limits and Control Technologies for 
Combustion Turbines with and without Duct Burning 


Facility RBLC ID  Date of Permit SO2 and H2SO4 
Emission Limits 


Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085	 7/19/2016	


5.62	lb/hr	
3.61	lb/hr(H2SO4)	
avg.	based	on	three	
1‐hr	stack	tests	
every	5	years	


Use	of	natural	
gas	a	low	sulfur	
clean	fuel	


6.64	lb/hr	avg.	of	
three	one‐hr	stack	
tests	every	5	years	
4.26	lb/hr(H2SO4)	
avg.	based	on	three	
1‐hr	stack	tests	
every	5	years	


Use	of	natural	
gas	a	low	sulfur	
clean	fuel	


Virginia	Electric	and	
Power	Company	
Greensville	Power	
Station	


VA‐0325	
(3227.0	
MMBtu/hr)	


06/17/2016	 0.0011	lb/MMBtu	
during	normal	
operation	


Low	sulfur	fuel	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	Center		


FL‐0356	(350	
MW	per	
turbine)	


03/09/2016	 2.0	gr/100	SCF	 Low	sulfur	fuel	


Decordova	II	Power	
Company	LLC	
Decordova	Steam	
Electric	Station	


TX‐0789	(231	
MW)	


03/08/2016	 5.0	gr/100	SCF	
hourly	(S02	and	
H2SO4)	
1.0	gr/100	SCF	
annually	(S02	and	
H2SO4)	


Good	
combustion	
practices	and	
low	sulfur	fuel	


Mattawoman	Energy	
LLC	
Mattawoman	Energy	
Center		


MD‐0045	(286	
MW)	


11/13/2015	 0.06	lb	SO2/MMBtu	
heat	input	at	all	
times	
H2SO4	–	4.6	ln/hr	3‐
hr	block	avg	without	
duct	firing	
5.6	lb/hr	3‐hr	block	
avg.	with	duct	firing	


None	listed	


Eagle	Mountain	
Power	Company	LLC	
Eagle	Mountain	
Steam	Electric	
Station		


TX‐0751	(286	
MW	


06/18/2015	


40.66	lb/hr	
35.62	TPY	


Good	
combustion	
practices	and	
low	sulfur	fuel	


Colorado	Bend	II	
Power	LLC	
Colorado	Bend	
Energy		


TX‐0730	(1100	
MW)	


04/01/2016	 2.0	gr/100	scf	1‐hr	
0.5	gr/100	scf	
annual	(SO2	and	
H2SO4)	


Efficient	
combustion,	
natural	gas	fuel	


Keys	Energy	Center,	
LLC	
Keys	Energy	Center		


MD‐0046	(235	
MW)	


10/31/2014	 0.06	lb	SO2/MMBtu	
heat	input	at	all	
times	
	


None	listed	
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The	California	Air	Resource	Board	(CARB)	BACT	Clearinghouse,	as	well	as	 the	BAAQMD	and	SJVAPCD	
BACT	guidelines,	 identifies	 the	use	of	PUC‐quality	natural	gas	or	natural	gas	with	a	 limit	on	the	sulfur	
content	 (i.e.,	 1	 grain/100	 scf)	 as	 the	 primary	 fuel	 as	 “achieved	 in	 practice”	 for	 the	 control	 of	 SOx	 for	
combustion	gas	turbines.	


5.1.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	no	adverse	energy,	environmental	or	cost	 impact	associated	with	the	use	of	pipeline‐quality	
natural	gas.		Thus,	no	further	analysis	is	required.		


5.1.5 Step 5 – Select BACM 
	
The	use	of	pipeline	quality	natural	gas	and	fuel	sulfur	limits	are	the	only	feasible	SO2	control	technologies	
for	natural	gas	combustion	sources.	PacifiCorp	uses	Questar	Gas	pipeline	quality	natural	gas	with	a	sulfur	
limit	of	20	grains/100	scf	or	≤0.8	percent.	In	lieu	of	monitoring	the	total	sulfur	content	of	the	gaseous	fuels	
used	in	the	turbines,	fuel	receipts	are	kept	specifying	the	maximum	amount	of	total	sulfur	content	to	be	
20.0	grains/100	scf	or	 less.	No	additional	 limits	or	emissions	monitoring	techniques	are	proposed.	No	
other	measures	were	identified	as	more	stringent	to	control	SO2	emissions	from	combustion	turbines.	
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5.2 Auxiliary Boilers and Dew Point Heater 
	
SO2	emissions	from	the	auxiliary	boiler	and	dew	point	heater	will	be	a	result	of	oxidation	of	fuel	sulfur.	As	
mentioned	above,	the	dew	point	heater	is	not	operational	and	has	not	been	operations	for	some	time.	


5.2.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
There	are	two	primary	mechanisms	to	reduce	SO2	emissions	from	combustion	sources	which	are:		


1. Reduce	the	amount	of	sulfur	in	the	fuel,	and	
2. Remove	the	sulfur	from	the	auxiliary	boiler	and/or	convection	heaters	exhaust	gases	with	post‐


combustion	 control	 device	 such	 as	 flue	 gas	 desulfurization	 utilizing	 wet	 scrubbers	 or	 dry	
scrubbers.	


5.2.1.1 Reducing the Amount of Sulfur in Fuel  
	
The	 Lake	 Side	 Power	 plant	 auxiliary	 boilers	 and	 dew	 point	 heaters	 use	 Questar	 Gas	 pipeline‐quality	
natural	 gas	 which	 has	 a	 maximum	 sulfur	 content	 of	 0.75	 grains/100	 scf	 of	 sulfur.	 The	 use	 of	 a	 fuel	
containing	low	sulfur	content	in	considered	a	control	technology.	


5.2.1.2 Wet Scrubbing  
	
See	5.1.12	above	for	description.	


5.2.1.3 Dry Scrubbing 
	 	
See	5.1.13	above	for	description	


5.2.2 Step 2 – Eliminate Technically Infeasible Options 
	
The	requirement	for	low‐sulfur	natural	gas	is	a	control	technique	that	has	been	achieved	in	practice	and	
is	technically	feasible	and	cost‐effective	and	will	be	further	considered	for	BACT.	


Post‐combustion	devices	such	as	wet	or	dry	scrubbers	are	typically	installed	on	coal‐fired	power	plants	
that	burn	fuels	with	much	higher	sulfur	contents.	The	SO2	concentrations	in	the	natural	gas	combustion	
exhaust	gases	from	the	auxiliary	boiler	and	convection	heaters	are	too	low	for	scrubbing	technologies	to	
work	effectively	or	to	be	technically	feasible	and	cost	effective.	These	control	technologies	require	much	
higher	sulfur	concentrations	in	the	exhaust	gases	to	be	feasible	as	a	control	technology.		


Thus,	post‐combustion	SO2	 control	devices,	 such	as	wet	and	dry	 scrubbing	have	not	been	achieved	 in	
practice	on	auxiliary	boilers	and	convection	heaters	at	the	proposed	size	capacity	and	utilizing	natural	
gas,	are	not	technically	feasible,	and	have	been	eliminated	from	further	consideration.		


5.2.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	use	of	pipeline	quality	natural	gas	is	the	top	level	of	control	for	SO2.	
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5.2.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	use	of	pipeline‐quality	natural	gas	is	considered	a	BACT	control	technique	for	SO2.	The	use	of	pipeline‐
quality	natural	gas	achieves	the	lowest	SO2	emission	rates	and	has	been	demonstrated	in	practice	at	other	
similar	sources.			


Data	from	EPA’s	RACT/BACT/LAER	Clearinghouse	shows	typical	a	wide	range	of	SO2	emission	limits	for	
auxiliary	boilers.	However,	where	 listed,	 the	 limits	are	based	on	clean	burning	 low	sulfur	 fuel	 such	as	
natural	gas.	Table	5‐2	presents	a	summary	of	SO2	emission	limits	and	the	control	techniques	utilized	to	
achieve	the	listed	emission	rate.		This	table	is	not	exhaustive,	rather	lists	the	emission	rates	and	control	
technologies	utilized	in	the	past	few	years	from	select	plants.			
	


Table 5-2 Summary of SO2 Control Technologies and Emission Rates for Auxiliary Boilers 
and Dew Point Heater 


Facility RBLC ID 
Number/Rating 


Date of 
Permit 


SO2 Emission Limit  Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085		
(97.5	
MMBtu/hr)	


07/19/2016	


0.128	lb/hr	(SO2)	
0.01	lb/hr	(H2SO4)	


Use	of	natural	
gas	a	clean	
burning	low	
sulfur	fuel	


PSEG	Fossil	LLC	
Sewaren	
Generating	Station	


NJ‐0084		
(80	MMBtu/hr)	


3/10/2016	 0.12	lb/hr	 Use	of	natural	
gas	a	low	sulfur	
fuel	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	
Center		


FL‐0356		
(99.8	
MMBtu/hr)	


03/09/2016	 2	gr/100	scf	gas	 Low	sulfur	gas	


Old	Dominion	
Electric	Corp.	
Wildcat	Point	
Generating	Facility	


MD‐0042		
(45	MMBtu/hr)	


04/08/2014	 0.0006	lb/MMBtu	3‐hr	
block	avg.	(SO2)	
0.004	lb/MMBtu	3‐hr	
block	avg.	(H2SO4)	


Exclusive	use	of	
pipeline	quality	
natural	gas	


Footprint	Power	
Salem	Harbor	
Development		
Salem	Harbor	
Station	


MA‐0039	(80	
MMBtu/hr)	


01/30/2014	 0.9	ppmvd	SO2@3%O2	1‐
hr	block	avg	(not	during	
SS)	
0.0009	ppmvd	H2SO4	
@3%O2	1‐hr	block	avg	
(not	during	SS)	
0.0015	lb	SO2/MMbtu	1‐
hr	block	avg	(not	during	
SS)	
0.35	ppmvd	H2SO4	
@3%O2	1‐hr	block	avg	
(not	during	SS)	


None	listed	


Berks	Hollow	
Energy	Ass.	LLC	
Berks	Hollow	
Energy	


PA‐0296(40	
MMBtu/hr)	
	


01/30/2014	 0.19	TPY	on	12‐month	
rolling	average	(SO2)	
0.04	TPY	on	12‐month	
rolling	total	(H2SO4)	


None	listed	
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As	 seen	 from	 Table	 5‐2,	 a	 search	 of	 the	 RBLC	 did	 not	 indicate	 that	 there	 are	 any	 add‐on	 control	
technologies	that	are	effective	in	reducing	SO2	emissions	from	naturally	 low‐emitting	natural	gas‐fired	
boilers.	 The	 SJVAPCD	 and	 BAAQMD	BACT	 guidelines	 both	 indicate	 that	 the	 use	 of	 natural	 gas	 fuel	 is	
considered	BACT	for	boilers.	


5.2.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	no	adverse	energy,	environmental	or	cost	impacts	associated	with	the	use	of	pipeline‐quality	
natural	gas.	Thus,	no	further	analysis	is	required.	


5.2.5 Step 5 – Select BACM 
 
The	use	of	pipeline‐quality	natural	gas	is	considered	BACM	for	Lake	Side’s	auxiliary	boilers.	PacifiCorp	
uses	Questar	Gas	pipeline	quality	natural	gas	with	a	sulfur	limit	of	20	grains/100	scf	or	≤0.8	percent	which	
meets	 the	 permit	 requirement	 for	 Block	 #1	 sulfur	 content.	 The	 Block	 #2	 SO2	 emission	 rate	 of	 0.060	
lb/MMbtu	 is	met	using	Questar	Gas	pipeline‐quality	natural	 gas.	 In	 lieu	of	monitoring	 the	 total	 sulfur	
content	of	the	gaseous	fuels	used	in	the	turbines,	fuel	receipts	are	kept	specifying	the	maximum	amount	
of	 total	sulfur	content	 to	be	20.0	grains/100	scf	or	 less.	 	No	additional	 limits	or	emissions	monitoring	
techniques	are	proposed.	No	other	measures	were	identified	as	more	stringent	to	control	SO2	emissions	
from	the	auxiliary	boilers.
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5.3 Emergency Diesel Engines 
	
Sulfur	dioxide	emissions	occur	from	the	reaction	of	various	elements	in	the	diesel	fuel.	Sulfur	in	diesel	fuel	
oxidizes	 during	 combustion	 to	 SO2	 and	 sulfur	 trioxide	 (SO3).	 In	 the	 presence	 of	 water	 vapor,	 these	
hydrolyze	to	H2SO4.	


5.3.1 Step 1 – Identify all Existing and Potential Emission Control Technologies 
	
Only	one	control	option	was	found	to	reduce	SO2	emissions	from	the	proposed	CI	combustion	engines	
which	is	the	use	of	low‐sulfur	diesel	fuel.	


5.3.2 Step 2 – Eliminate Technically Infeasible Options 
	
The	control	option	identified	in	Step	1	is	technically	feasible.	


5.3.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	use	of	ultra‐low	sulfur	diesel	fuel	containing	no	more	than	15	parts	per	million	by	weight	of	sulfur	is	
the	only	feasible	SO2	control	technology	for	the	emergency	diesel	combustion	engines.	


5.3.4 Step 4 - Evaluate Most Effective Controls and Document Results  
	
Based	on	the	emission	standards	of	40	CFR	Part	60,	Subpart	IIII,	the	minimum	standards	that	would	meet	
BACT	requirements	for	SO2	emissions	from	IC	engines	at	the	Lake	Side	Power	Plant	include	a	maximum	
diesel	fuel	sulfur	content	of	500	ppmw	and	15	ppmw	or	0.0015	percent	by	weight.	


5.3.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	no	anticipated	energy,	environmental	or	economic	impacts	associated	with	the	use	of	ultra‐low	
sulfur	diesel	fuel.	


5.3.5 Step 5 – Select BACM 
	
The	only	control	technology	for	the	diesel	emergency	generators	and	fire	pump	at	the	Lake	Side	Power	
Plant	 is	 the	 use	 of	 ultra‐low‐sulfur	 fuel	with	 a	maximum	 sulfur	 content	 of	 15	 ppmw	 and	 to	 limit	 the	
operation	 of	 the	 units	 to	 required	 testing	 during	 non‐emergency	 situations.	 This	 control	 strategy	 is	
technically	feasible	and	will	not	cause	any	adverse	energy,	environmental,	or	economic	 impacts	and	is	
considered	 BACM.	 No	 additional	 limits	 or	 emissions	 monitoring	 techniques	 are	 proposed.	 No	 other	
measures	were	identified	as	more	stringent	to	control	SO2	emissions	from	emergency	diesel	generators.	
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6.0 BEST AVAILABLE CONTROL MEASURE DETERMINATION ANALYSIS FOR 
PM2.5 


	
Sources	of	PM2.5	result	from	condensable	hydrocarbons	from	incomplete	combustion,	trace	particulate	
and	other	inert	contaminants	in	the	natural	gas,	fuel	sulfur,	dust	drawn	in	from	the	ambient	air,	and	metal	
and	carbon	particles	from	equipment	wear.		


6.1 Combustion Gas Turbines 
	
Four	 combustion	 turbines	 are	 operated	 at	 the	 Lake	 Side	 Power	 plant.	 Each	 combustion	 turbine	 is	
equipped	with	HRSGs	and	low	NOx	duct	burners.	The	Lake	Side	combined‐cycle	power	blocks	are	fired	
exclusively	with	 pipeline‐quality	 natural	 gas.	 For	 this	 BACT	 analysis,	 because	 the	 fuel	 source	 for	 the	
turbines	is	natural	gas,	combustion	emissions	are	likely	in	the	size	range	of	PM2.5	or	less	for	both	filterable	
and	condensable	fractions.		


6.1.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
Three	types	of	control	technologies	were	reviewed	for	the	reduction	of	PM2.5.	These	technologies	
include:		


1. Pre‐combustion	controls	such	as	the	inlet	air	filter;		
2. Combustion	 controls	which	 includes	 good	 combustion	 practice,	 clean	 burning	 fuels,	 and	DLN	


combustors;	and	
3. Post‐combustion	controls	such	as	electrostatic	precipitators	and	baghouses.	


6.1.1.1 Inlet Air Filter 
	
To	protect	the	turbine	from	contaminants	in	the	air	which	can	damage	the	CT,	a	turbine	inlet	air	filter	is	
used	to	filter	out	particulate	matter	10	microns	or	less.	There	are	two	main	types	of	filters	–	static	filters	
and	self‐cleaning	filters.	Self‐cleaning	filters	are	cleaned	by	a	pulse	of	backflow	air	that	dislodges	the	layer	
of	dust	collected	on	the	outside	surface	of	the	filter.	Self‐cleaning	filters	require	less	maintenance	than	
static	 filters.	 Any	 particulate	 that	 passes	 through	 the	 inlet	 filter	 and	 combustion	 chamber	 will	 be	
exhausted	to	the	atmosphere.	


6.1.1.2 Good Combustion Practice 
	
Good	 combustion	 practices	 ensure	 proper	 air/fuel	 mixing	 to	 achieve	 complete	 combustion	 which	
minimizes	emissions	of	unburned	hydrocarbons	that	can	lead	to	formation	of	PM2.5.	


6.1.1.3 Clean Burning Fuels 
	
The	Lake	Side	power	plant	utilizes	pipeline‐quality	natural	gas	which	is	an	inherently	clean	fuel.	Natural	
gas	has	only	trace	amounts	of	sulfur	that	can	form	particulate	matter	during	combustion.	This	particulate	
matter	can	also	combine	with	other	compounds	in	the	atmosphere	after	it	is	emitted	to	form	secondary	
particulate	matter	such	as	sulfates.		
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6.1.1.4 Dry Low-NOx Combustors 
	
The	 use	 of	 DLN	 combustors	 provides	 efficient	 combustion	 to	 ensure	 complete	 combustion.	 Complete	
combustion	minimizes	 the	 emissions	of	 unburned	 fuel	 that	 can	 form	 condensable	PM2.5.	 Condensable	
particulate	 matter	 is	 the	 portion	 of	 the	 total	 particulate	 matter	 that	 exists	 as	 a	 gas	 in	 the	 stack	 but	
condenses	in	the	cooler	ambient	air	to	form	particulate	matter.		


6.1.1.5 Electrostatic Precipitators 
	
An	electrostatic	precipitators	 (ESP)	 is	a	particle	 control	device	 that	uses	electrical	 forces	 to	move	 the	
particles	out	of	the	gas	stream	and	onto	collection	plates.	ESP’s	use	a	high‐voltage	direct‐current	corona	
to	 electrically	 charge	 particles	 in	 the	 gas	 stream.	 The	 suspended	 particles	 are	 attracted	 to	 collecting	
electrodes	 and	deposited	on	 collection	plates.	Particles	 are	 collected	and	disposed	of	by	mechanically	
rapping	the	electrodes	and	plates	and	dislodging	the	particulate	matter	into	collection	hoppers.	ESP’s	are	
commonly	used	on	incinerators	and	solid	fuel	boilers.		


6.1.1.6 Fabric Filter Baghouses 
	
Fabric	filter	(baghouse)	systems	consist	of	a	structure	containing	tubular	bags	made	of	a	woven	fabric.		A	
baghouse	removes	PM2.5	from	the	exhaust	gas	by	drawing	the	dust	laden	air	through	a	bank	of	filter	tubes	
suspended	inside	a	structural	housing.		PM2.5	is	collected	on	the	upstream	side	of	the	fabric.		Particulates	
collect	on	 the	outside	of	 filter	bags	 that	 are	periodically	 shaken	 to	 release	 the	particulate	matter	 into	
hoppers.	Fabric	filter	baghouses	are	typically	used	in	high‐particulate	emission	producing	applications.	


6.1.2 Step 2 – Eliminate Technically Infeasible Options 
	
The	 post‐combustion	 controls,	 ESP’s	 and	 baghouses	 are	 not	 appropriate	 for	 use	 on	 natural	 gas‐fired	
turbines	 because	 of	 the	 very	 low	 levels	 and	 small	 aerodynamic	 diameter	 of	 PM	 from	 natural	 gas	
combustion.	ESP’s	and	baghouses	are	typically	used	on	solid/liquid‐fuel	fired	or	other	types	for	sources	
with	high	PM	emission	concentrations.	A	state‐by‐state	reviews	as	well	as	the	EPA’s	RACT/BACT/LAER	
Clearinghouse	databases	was	 conducted	 to	 identify	 facilities	 that	were	using	post‐combustion	 control	
devices,	such	as	ESPs	and	baghouses,	 for	removal	of	PM2.5	 for	natural	gas‐fired	combined‐cycle	power	
generation	facilities.	No	facilities	were	identified	in	the	search.		
	
Since	 these	post‐combustion	controls	 technologies	have	not	been	demonstrated	 in	practice	 for	use	on	
natural	gas‐fired	turbines,	it	was	determined	that	these	post‐combustion	control	devices	are	technically	
not	feasible	and	were	eliminated	from	further	consideration.		
	
6.1.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	remaining	control	technologies	including	inlet	air	filters,	good	combustion	practices	with	state‐of‐the	
art	DLN	combustors,	and	the	use	of	clean	burning	fuels	such	as	natural	gas	are	available,	demonstrated,	
and	are	technically	feasible	technologies	that	will	be	further	considered	for	BACT.	
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6.1.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	major	sources	of	PM2.5	emissions	from	a	natural	gas‐fired	gas	turbine	equipped	with	SCR	for	post‐
combustion	control	of	NOx	are:	(1)	the	conversion	of	fuel	sulfur	to	sulfates	and	ammonium	sulfates;	(2)	
unburned	hydrocarbons	 that	 can	 lead	 to	 the	 formation	of	PM	 in	 the	exhaust	 stack;	 and	 (3)	PM	 in	 the	
ambient	air	entering	the	gas	turbine	through	the	 inlet	air	 filtration	system,	and	the	aqueous	ammonia	
dilution	air.	Therefore,	the	use	of	clean‐burning,	low‐sulfur	fuels	such	as	natural	gas	will	result	in	minimal	
formation	of	PM2.5	during	combustion.	Best	combustion	practices	will	ensure	proper	air/fuel	mixing	ratios	
to	 achieve	 complete	 combustion,	 minimizing	 emissions	 of	 unburned	 hydrocarbons	 that	 can	 lead	 to	
formation	of	PM	at	the	stack.	In	addition	to	good	combustion,	use	of	high‐efficiency	filtration	on	the	inlet	
air	and	SCR	dilution	air	system	will	minimize	the	entrainment	of	PM	into	the	exhaust	stream. 


Based	on	the	use	of	good	combustion	practices	with	state‐of‐the‐art	DLN	combustors,	pipeline‐quality	
natural	gas,	and	inlet	air	filtration	to	control	PM2.5	emissions	with	and	without	duct	burners,	is	consistent	
with	BACT	for	similar	sources.		


Applicable	BACT	clearinghouse	determinations	were	reviewed	to	identify	PM	control	technologies	and	
corresponding	emission	rates	that	have	been	achieved	in	practice	for	other	natural‐gas‐fired	combustion	
turbine	projects.	The	results	of	this	review	are	presented	in	Table	6‐1.	This	list	is	not	exhaustive.	
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Table 6-1 Summary of PM2.5 Emission Limits and Control Technologies for Combustion 
Turbines with and without Duct Burning 


Facility RBLC ID  Date of Permit PM2.5 Emission 
Limits 


Control 


Stonegate	Power,	LLC	
Middlesex	Energy	
Center		


NJ‐0085	 7/19/2016	 18.3	lb/hr	avg.	
based	on	three	1‐hr	
stack	tests	every	5	
years	(with	duct	
burning)	


None	listed	


11.7	lb/hr	avg.	of	
three	one‐hr	stack	
tests	every	5	years	
(without	duct	
burning)	


Use	of	natural	
gas	a	low	sulfur	
clean	fuel	


Virginia	Electric	and	
Power	Company	
Greensville	Power	
Station	


VA‐0325	
(3227.0	
MMBtu/hr)	


06/17/2016	 0.0039	lb/MMBtu	
average	of	three	
stack	tests	(PM10)	


Low	sulfur	fuel	
and	good	
combustion	
practices	


Apex	Texas	Power	LLC	
Neches	Station	


TX‐0788	
(231	MW)	


03/24/2016	 19.35	lb/hr	 Good	
combustion	
practices	and	
low	sulfur	fuel	


Florida	Power	&	Light	
Okeechobee	Clean	
Energy	Center		


FL‐0356	
(350	MW	per	
turbine)	


03/09/2016	 2.0	gr/100	SCF	gas	
for	natural	gas	
0.0015%S	ULSD	


Use	of	clean	fuels	


Decordova	II	Power	
Company	LLC	
Decordova	Steam	
Electric	Station	


TX‐0789	
(231	MW)	


03/08/2016	 35.47	lb/hr	 Good	
combustion	
practices	and	
low	sulfur	fuel	


Mattawoman	Energy	
LLC	
Mattawoman	Energy	
Center		


MD‐0045	
(286	MW)	


11/13/2015	 17.9	lb/hr	without	
duct	firing,	average	
of	3	stack	tests	
27.7	lb/hr	with	duct	
firing,	average	of	3	
stack	tests	


Use	of	pipeline	
quality	natural	
gas	and	good	
combustion	
practices	


Eagle	Mountain	Power	
Company	LLC	
Eagle	Mountain	Steam	
Electric	Station		


TX‐0751	
(210	MW	


06/18/2015	 35.47	lb/hr	
81.88	TPY	


Good	
combustion	
practices	and	
low	sulfur	fuel	


Colorado	Bend	II	
Power	LLC	
Colorado	Bend	Energy		


TX‐0730	
(1100	MW)	


04/01/2016	 43.0	lb/hr	 Efficient	
combustion,	
natural	gas	fuel	


	
The	CARB	BACT	Clearinghouse,	as	well	as	the	BAAQMD	and	SJVAPCD	BACT	guidelines,	identify	the	use	of	
natural	gas	as	the	primary	fuel	as	“achieved	in	practice”	for	the	control	of	PM10/PM2.5	for	combustion	gas	
turbines.		
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The	 CARB’s	 BACT	 guidance	 document	 for	 stationary	 gas	 turbines	 used	 for	 combined‐cycle	 and	
cogeneration	 power	 plant	 configurations	 indicates	 that	 BACT	 for	 the	 control	 of	 PM	 emissions	 is	 an	
emission	limit	corresponding	to	natural	gas	with	fuel	sulfur	content	of	no	more	than	1	grain/100	standard	
cubic	foot.	Title	40	CFR	Part	60	Subpart	KKKK	contains	the	applicable	NSPS	for	combustion	gas	turbines;	
however,	Subpart	KKKK	does	not	regulate	PM10/PM2.5	emissions.	


6.1.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	no	anticipated	energy,	environmental	or	economic	impacts	associated	with	the	use	natural	gas	
as	the	primary	fuel	for	combustion	gas	turbines.	


6.1.5 Step 5 – Select BACM 
	
Inlet	air	filters,	good	combustion	practices	with	state‐of‐the	art	DLN	combustors,	and	the	use	of	a	clean	
burning	fuel	such	as	natural	gas	are	the	only	feasible	control	technologies.	They	are	used	in	combination	
with	 each	 other	 and	 are	 top	 ranking	 in	 terms	 of	 control	 effectiveness.	 There	 are	 no	 adverse	 energy,	
environmental	or	cost	impact	associated	with	the	use	of	these	control	technologies.		


Besides	the	use	of	natural	gas,	the	most	stringent	measures	found	were	the	SJVAPCD	requiring	the	use	of	
an	air	inlet	filter	cooler	and	a	lube	oil	vent	coalescer	to	remove	ambient	particulate	matter	from	the	inlet	
air	and	to	minimize	the	formation	of	lube	oil	mists.	No	more	stringent	control	measures	were	identified	
besides	 the	 use	 of	 pipeline	 quality	 natural	 gas,	 air	 inlet	 filters,	 and	 proper	 combustion	 design	 and	
operation	with	state‐of‐the‐art	DLN	combustors.	


The	Lake	Side	facility	will	utilize	only	pipeline	quality	natural	gas,	air	inlet	filters,	and	proper	combustion	
design	and	operation	with	state‐of‐the‐art	DLN	combustors	which	represents	BACM.	The	emission	rates	
for	the	combustion	turbines	vary	depending	upon	the	experience	of	the	manufacturer,	the	size	of	turbine,	
and	the	resulting	available	guarantees.	The	current	PM	emission	rates	are	proposed	as	BACT	for	the	Lake	
Side	turbines.	No	additional	limits	or	emissions	monitoring	techniques	are	proposed.	
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6.2 Auxiliary Boilers and Dew Point Heater  
	
According	 to	EPA’s	AP‐42,	 Section	1.4,	 since	natural	 gas	 is	 a	 gaseous	 fuel,	 filterable	PM	emissions	are	
typically	 low.	Particulate	matter	 from	natural	 gas	 combustion	has	been	estimated	 to	be	 less	 than	one	
micrometer	 in	 size	 and	 has	 filterable	 and	 condensable	 fractions.	 Particulate	 matter	 in	 natural	 gas	
combustion	are	usually	 larger	molecular	weight	hydrocarbons	that	are	not	 fully	combusted.	 Increased	
particulate	matter	 emissions	 can	 result	 from	poor	 air/fuel	mixing	 or	maintenance	 problems.	 For	 this	
BACM	analysis,	all	particulate	emissions	were	considered	PM2.5.	


6.2.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	


The	following	is	a	list	of	combustion	and	post‐combustion	control	technologies	which	were	identified	for	
controlling	PM2.5	emissions:	


> GCP;	
> use	of	clean	burning	fuels;	
> proper	design	and	operation;	
> wet	gas	scrubbers;	
> electrostatic	precipitator	(ESP);	
> cyclone;	and	
> baghouse/fabric	filters.	


6.2.1.1 Good Combustion Practices 
	
By	maintaining	 the	 auxiliary	 boiler	 and	 convection	 heaters	 in	 good	working	 order	 per	manufacturer	
specifications	with	low	sulfur	gaseous	fuels,	PM2.5	emissions	will	be	reduced.	


6.2.1.2 Wet Gas Scrubber 
	
A	wet	gas	scrubber	is	an	air	pollution	control	device	that	removes	PM	and	acid	gases	from	waste	streams	
from	stationary	point	sources.		PM	and	acid	gases	are	primarily	removed	through	the	impaction,	diffusion,	
interception	 and/or	 absorption	 of	 the	 pollutant	 onto	 droplets	 of	 liquid.	 Wet	 scrubbers	 have	 some	
advantages	 over	 ESPs	 and	 baghouses	 in	 that	 they	 are	 particularly	 useful	 in	 removing	 PM	 with	 the	
following	characteristics:	


> Sticky	and/or	hygroscopic	materials;	
> Combustible,	corrosive	or	explosive	materials;	
> Particles	that	are	difficult	to	remove	in	dry	form;	
> PM	in	the	presence	of	soluble	gases;	and	
> PM	in	gas	stream	with	high	moisture	content.	


6.2.1.3 Electrostatic Precipitator 
	 	
An	ESP	is	a	particle	control	device	that	uses	electrical	forces	to	move	the	particles	out	of	the	gas	stream	
onto	collector	plates.	This	process	is	accomplished	by	the	charging	of	particles	in	the	gas	stream	using	
positively	 or	 negatively	 charged	 electrodes.	 	 The	 particles	 are	 then	 collected	 as	 they	 are	 attracted	 to	
oppositely	 opposed	 electrodes.	 	 Once	 the	 particles	 are	 collected	 on	 the	 plates,	 they	 are	 removed	 by	
knocking	them	loose	from	the	plates,	allowing	the	collected	layer	of	particles	to	fall	down	into	a	hopper.			
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Some	precipitators	remove	the	particles	by	washing	with	water.		ESP’s	are	used	to	capture	coarse	particles	
at	high	concentrations.		Small	particles	at	low	concentrations	are	not	effectively	collected	by	an	ESP.			


6.2.1.4 Cyclone 
	
A	 cyclone	operates	on	 the	principle	 of	 centrifugal	 separation.	 	 The	 exhaust	 enters	 the	 top	 and	 spirals	
around	towards	the	bottom.		As	the	particles	proceed	downward,	the	heavier	material	hits	the	outside	
wall	 and	 drops	 to	 the	 bottom	where	 it	 is	 collected.	 	 The	 cleaned	 gas	 escapes	 through	 an	 inner	 tube.		
Cyclones	are	generally	used	to	reduce	dust	loading	and	collect	large	particles.		


6.2.1.5 Fabric Filter Baghouse 
	
A	fabric	filter	unit	(or	baghouse)	consists	of	one	or	more	compartments	containing	rows	of	fabric	bags.		
Particle‐laden	gases	pass	along	the	surface	of	the	bags	then	through	the	fabric.		Particles	are	retained	on	
the	upstream	face	of	the	bags	and	the	cleaned	gas	stream	is	vented	to	the	atmosphere.		Fabric	filters	collect	
particles	with	sizes	ranging	from	submicron	to	several	hundred	microns	in	diameter.		Fabric	filters	are	
used	for	medium	and	low	gas	flow	streams	with	high	particulate	concentrations.		


6.2.2 Step 2 - Eliminate Technically Infeasible Options 
	
None	of	 the	add‐on	post‐combustion	control	devices	(wet	gas	scrubber,	ESP,	cyclone,	baghouse/fabric	
filters)	were	 identified	as	being	suitable	 for	 the	auxiliary	boilers	or	dew	point	heater	burning	gaseous	
fuels	due	to	both	the	extremely	low	concentration	of	small	particulates	expected	in	gas	streams	from	this	
type	 of	 equipment.	 	 Therefore,	wet	 scrubbers,	 EPS’s,	 cyclones,	 and	 fabric	 filtration	 (baghouses)	were	
rejected	as	BACM	for	PM2.5	emissions	from	the	boiler	and	heaters.			


6.2.3 Step 3 - Rank Remaining Control Technologies by Control Effectiveness 
	
The	remaining	control	options	are	the	utilization	of	GCP	and	use	of	clean	burning	fuels	such	as	natural	
gas.		


6.2.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
Combustion	 controls	 or	 “proper	 combustion”	 to	 minimize	 PM2.5	 emissions	 includes	 adequate	 fuel	
residence	time,	proper	fuel‐air	mixing,	and	temperature	control	to	ensure	the	maximum	amount	of	fuel	is	
combusted.		The	use	of	clean‐burning	fuels,	such	as	natural	gas	which	has	only	trace	amounts	of	sulfur	
that	can	form	particulates,	will	result	in	minimal	formation	of	PM2.5	during	combustion.		Thus,	the	only	
control	 technology	 identified	 in	 the	RBLC	database	 for	 the	natural	gas‐fired	auxiliary	boilers	and	dew	
point	heater	is	a	work	practice	requirement	to	adhere	to	GCP	and	use	of	low	sulfur	gaseous	fuels	such	as	
natural	 gas.	 	 This	 control	 strategy	 is	 technically	 feasible	 and	 will	 not	 cause	 any	 adverse	 energy,	
environmental,	or	economic	impacts.	


The	PM2.5	emission	rates	for	the	auxiliary	boilers	and	dew	point	heaters	are	0.010	lb/MMBtu.	Table	6‐1	
presents	a	summary	of	previous	BACT	determinations	for	PM.		This	table	is	not	exhaustive,	rather	lists	the	
emission	rates	and	control	technologies	utilized	in	the	past	few	years	from	select	plants.			
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Table 6-2 Summary of PM2.5 Control Technologies and Emission Rates for Auxiliary Boilers 
and Dew Point Heater 


Facility RBLC ID 
Number/Rating 


Date of Permit PM2.5 Emission 
Limit  


Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085		
(97.5	MMBtu/hr)	


07/19/2016	
0.488	lb/hr	avg.	3	
one‐hour	stack	
tests	


Clean	burning	
fuels	


DTE	Gas	Company	
Milford	
Compressor	
Station	


MI‐0420	
(6.0	MMBtu/hr)	 6/03/2016	


0.0075	lb/MMBtu	 GCP,	clean	
burning	(low	
sulfur)	fuels	


PSEG	Fossil	LLC	
Sewaren	
Generating	
Station	


NJ‐0084		
(80	MMBtu/hr)	


3/10/2016	 0.40	lb/hr	–	
average	of	3	one‐
hour	stack	tests	


Clean	burning	
fuels	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	
Center		


FL‐0356		
(99.8	MMBtu/hr)	


03/09/2016	 10%	opacity	 Clean	burning	
fuels	


Mattawoman	
Energy,	LLC	
Mattawoman	
Energy	Center	


MD‐0045		
(42	MMBtu/hr)	


11/13/2015	 0.0075	lb/MMbtu	
3‐hour	block	
average	


GCP	


Black	Hills	Power	
Inc.	Cheyenne	
Prairie	Generating	
Station	


WY‐0075		
(23.06	
MMBtu/hr)	


07/16/2014	 0.0175	lb/MMBtu	
three‐hour	
average	


GCP	


Keys	Energy	
Center,	LLC	
Keys	Energy	
Center	


10/31/2014		
(93	MMBtu/hr)	


10/31/2014	 0.0075	lb/MMBtu	
3‐hour	average	


GCP,	clean	
burning	fuels,	
efficient	boiler	
design	


CPV	Maryland,	
LLC	
CPV	St.	Charles	


MD‐0041		
(93	MMBtu/hr)	


04/23/2014	 0.0050	3‐hr	
average	


Pipeline	quality	
natural	gas	


Old	Dominion	
Electric	Corp.	
Wildcat	Point	
Generating	
Facility	


MD‐0042		
(45	MMBtu/hr)	


04/08/2014	 0.0075	lb/MMBtu	
3‐hour	block	avg.	


Pipeline	quality	
natural	gas	


Interstate	Power	
&	Light	
Marshalltown	
Generating	
Station	


IA‐0107		
(13.3	MMBtu/hr)	


04/08/2014	 0.0080	lb/MMBtu	
3‐hr	average	


None	listed	


	


6.2.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	no	anticipated	energy,	environmental	or	economic	impacts	associated	with	the	use	natural	gas	
as	the	primary	fuel	for	the	auxiliary	boilers.	
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6.2.5 Step 5 - Select BACM 
	
Good	combustion	practices	and	limiting	fuel	use	to	only	pipeline	quality	natural	gas	are	proposed	as	BACM	
for	PM2.5	 emissions	 from	Lake	Side	auxiliary	boilers	and	dew	point	heater.	No	more	stringent	 control	
measures	were	identified	for	reducing	PM2.5	emissions	from	auxiliary	boilers	or	dew	point	heaters.		


PM10/PM2.5	 emission	 limits	 for	 natural	 gas‐fired	 boilers	 vary	 widely,	 ranging	 from	 0.002	 lb/MMBtu	
through	0.60	lb/MMBtu.	The	most	recent	listing	in	the	RBLC	for	an	auxiliary	boiler	proposed	a	PM10/PM2.5	
limit	of	0.0075	lb/MMBtu	(7	ppm@	3%	O2).		


The	PM2.5	emissions	limits	for	the	Lake	Side	auxiliary	boiler	at	Block	#2	is	0.010	lb/MMBtu	based	on	a	3‐
hour	testing	average	which	is	verified	through	stack	testing	every	five	years.	There	is	no	PM2.5	emission	
limit	for	the	auxiliary	boiler	at	Block	#1.	Actual	emissions	from	the	auxiliary	boilers	and	dew	point	heaters	
are	comparable	to	the	lower	limit	of	0.0075	lb/MMBtu	which	is	listed	in	RBLC	and	tabulated	for	a	few	
sources	in	Table	6‐2.	No	additional	limits	or	emissions	monitoring	techniques	are	proposed.	
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6.3 Emergency Diesel Engines 
	
Diesel	particulate	emissions	are	composed	of	a	variety	of	liquid	phase	hydrocarbons	and	solid	phase	soot	
(carbon).	The	literature	suggests	that	the	majority	of	particulate	emissions	from	diesel	combustion	are	in	
the	PM2.5	size	or	smaller	range.	


6.3.1 Step 1 - Identify all Existing and Potential Emission Control Technologies 
	
The	 following	 control	options	were	evaluated	 for	 controlling	PM2.5	 emissions	 from	 the	CI	 combustion	
engines.	They	include:	GCP,	use	of	low	sulfur	fuels,	diesel	particulate	filters,	and	diesel	oxidation	catalysts.	


6.3.1.1 Good Combustion Practices 
	
Good	combustion	practices	refer	to	the	operation	of	engines	at	high	combustion	efficiency	which	reduces	
the	 products	 of	 incomplete	 combustion.	 The	 emergency	 generators	 and	 fire	water	 pump	 engines	 are	
designed	 to	 achieve	 maximum	 combustion	 efficiency.	 The	 manufacturers	 provide	 operation	 and	
maintenance	 manuals	 that	 detail	 the	 required	 methods	 to	 achieve	 the	 highest	 levels	 of	 combustion	
efficiency.	


6.3.1.2 Ultra-Low Sulfur Diesel 
	
Limiting	the	sulfur	content	of	diesel	fuel	is	a	pollution	prevention	method	to	reduce	the	sulfate	fraction	of	
diesel	particulate	matter.		


6.3.1.3 Diesel Particulate Filters  
	
Diesel	particulate	filters	(DPFs)	are	add‐on	devices	that	filter	out	particulate	matter.	In	general,	A	DPF	
consists	of	a	porous	substrate	that	permits	gases	in	the	engine	exhaust	to	pass	through	but	collects	or	
traps	 the	 diesel	 PM.	 This	 is	 typically	 referred	 to	 as	 regenerating	 the	 DPF.	 During	 regeneration,	 the	
collected	PM,	which	is	mostly	carbon,	is	burned	off.		


Particulate	filters	can	employ	either	an	active	or	passive	system,	depending	on	the	method	used	to	clean	
the	 filters.	 Active	 DPFs	 use	 a	 source	 of	 energy	 beyond	 the	 heat	 in	 the	 exhaust	 stream	 itself	 to	 help	
regeneration.	 Active	 DFPs	 can	 be	 regenerated	 electrically,	 with	 fuel	 burners	 or	 microwaves,	 or	 by	
additional	fuel	injection	to	increase	exhaust	temperature.	Active	DPFs	have	a	broader	range	of	application	
and	a	much	lower	probability	of	getting	plugged	than	passive	DPFs.		


A	passive	DPF	 is	one	 in	which	a	 catalytic	material,	 typically	 a	platinum	group	metal,	 is	 applied	 to	 the	
substrate.	 The	 catalyst	 lowers	 the	 temperature	 at	 which	 trapped	 PM	 will	 oxidize	 to	 temperatures	
periodically	reached	in	diesel	exhaust.	No	additional	energy	is	needed	for	regeneration.		


6.3.1.4 Diesel Oxidation Catalyst 
	
A	diesel	oxidation	catalyst	utilizes	metal	catalysts	to	oxidize	particulate	matter	in	the	diesel	exhaust.	Diesel	
oxidation	catalysts	are	commercially	available	and	are	reliable	for	reducing	particulate	matter	emissions.	


6.3.2 Step 2 - Eliminate Technically Infeasible Options 
	
All	options	identified	in	Step	1	are	technically	feasible.	
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6.3.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
Table	6‐2	presents	in	descending	order	the	control	effectiveness	of	the	identified	control	technologies.	


Table 6-3 PM2.5 Control Technology Effectiveness for Diesel Engines 
Control Technology Control Effectiveness 
DPF	 ≤85%	
Oxidation	Catalyst	 30%	
Ultra‐low	sulfur	diesel	 10‐20%	
GCP	 Baseline	


	
6.3.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	top	ranked	control	option,	diesel	particulate	filters	can	significantly	reduce	PM2.5	emissions.		Typical	
operation	 of	 the	 emergency	 generators	 at	 the	 power	 plant	 include	 weekly	 15	 minute	 testing	 and	
maintenance	operations	with	low	or	no	load	to	ensure	that	the	engine	is	operating	properly.	The	number	
of	times	that	an	engine	can	operate	for	maintenance	and	testing	before	regenerations	is	typically	between	
10	and	30	cold	starts	with	30	minute	run	times.	For	regeneration	to	occur	on	passive	systems,	the	exhaust	
temperature	needs	to	be	between	300°C	to	465°C.	To	reach	this	temperature	and	for	a	regeneration	cycle	
to	be	completed,	the	engine	should	operate	for	about	30	minutes	at	a	30	percent	load.		


Active	DPFs	are	independent	of	temperature	and	will	work	on	emergency	standby	engines	without	the	
same	 regeneration	 concerns	 presented	 above.	 The	 active	 DPF	 uses	 an	 electrical	 current	 or	 fuel	
combustion	to	remove	or	burn	off	the	collected	PM.	


The	use	of	ultra‐low	sulfur	diesel	reduces	PM2.5	emissions	up	to	20%.	


6.3.4.1 Energy, Environmental, and Economic Impacts 
	
A	cost	effectiveness	evaluation	for	the	top	ranking	option,	in	costs	per	ton	of	PM2.5	removed,	is	presented	
in	Table	6‐4	and	in	Appendix	A.	No	other	energy	or	environmental	impacts	are	anticipated	with	the	use	of	
DPFs.	


Table 6-4 Cost Effectiveness of Installing DPF on Emergency Diesel Engines for PM2.5 
Control 


Equipment Cost Effectiveness 
($/Ton) 


Emergency	Generator	#1	(EU#6)	 	$										1,185,987		
Emergency	Fire	Pump	(EU#7)	 	$										1,185,987		
Emergency	Generator	#2	(EU#14)	 	$										1,178,081		


	
Based	on	 the	economic	 impact	presented	 in	Table	6‐4,	DPF’s	are	not	 cost	effective	 for	 the	emergency	
generators	or	the	fire	water	pump	at	the	Lake	Side	Power	Plant	and	have	been	eliminated	from	further	
consideration.				
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6.3.5 Step 5 – Select BACM 
	
As	mentioned	above,	California	has	the	most	aggressive	emission	reduction	standards	for	diesel	engines.	
The	most	stringent	control	method	includes	the	use	of	DPF’s	to	reduce	PM2.5	emissions.	Several	emergency	
standby	engines	were	identified	operating	in	California	that	had	DPF’s	installed	on	them.	In	most	cases,	
however,	 DPFs	 were	 installed	 to	 meet	 permit	 requirements	 or	 to	 address	 odor	 issues.	 Operational	
considerations	using	active	DPF’s	are	minimal	and	can	be	accommodated	by	normal	maintenance	and	
testing	procedures.	


40	 CFR	 60,	 Subpart	 IIII	 applies	 to	 engines	 which	 commenced	 construction	 after	 7/11/2005	 and	 are	
manufactured	after	4/1/2006	(for	non‐fire‐pump	engines),	or	an	engine	modified	or	reconstructed	after	
7/11/2005.	Subpart	IIII	applies	to	the	emergency	diesel	equipment	at	the	power	plant.		


The	installation	of	DPFs	on	the	emergency	diesel	engines	at	Lake	Side	Power	Plant	is	cost	prohibitive	($1.2	
million	per	ton	PM2.5	removed).	The	use	of	ultra‐low	sulfur	diesel,	limited	operating	hours	(100	hours	per	
each	unit),	and	the	use	of	GCP	is	considered	BACT.	Records	of	maintenance	and	hours	of	operation	are	
kept.	 A	 non‐resettable	 totalizer	 is	 installed	 on	 each	 emergency	 diesel	 engine.	 No	 additional	 limits	 or	
emissions	monitoring	techniques	are	proposed.	
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6.4 Cooling Towers 
	
The	Lake	Side	Power	Plant	has	two	(2)	cooling	water	towers	(EU#8	and	EU#12).	Cooling	tower	#1	(EU#8)	
is	one	10	cell	mechanical	draft	evaporative	cooling	 tower	with	drift	elimination	and	cooling	 tower	#2	
(EU#13)	is	one	16	cell	mechanical	draft	cooling	tower	with	drift	elimination.	


A	small	portion	of	the	circulation	in	the	water	flow	is	released	in	the	form	of	water	droplets	referred	to	as	
“drift”.	As	the	water	droplets	evaporate	into	the	air,	the	mineral	compounds	are	left	behind	in	the	form	of	
particulate	(PM2.5)	emissions.	


Warm	water	is	pumped	into	the	top	of	the	tower	which	cools	as	it	falls	downward	and	mixes	with	the	
rising	air.	The	inside	of	the	tower	is	filled	with	wooden	or	plastic	grids	so	the	falling	water	splashes	and	
mixes	with	air.	The	water	falls	down	into	a	concrete	basin	beneath	the	tower.	Pumps	then	circulate	the	
cool	water	to	the	units	where	it	is	used	to	cool	hydrocarbons.	Heat	exchangers	are	used	so	the	water	does	
not	become	contaminated	with	the	hydrocarbons.	Warm	water	from	the	outlet	of	heat	exchangers	is	piped	
back	to	the	cooling	tower,	where	it	is	cooled	again.	


6.4.1 Step 1 – Identify all Existing and Potential Emission Control Technologies 
	
Particulate	matter	 is	 emitted	 from	wet	 cooling	 towers	due	 to	 the	presence	of	dissolved	or	 suspended	
solids	in	water	droplets	from	cooling	tower	drift.	As	the	drifted	droplet	evaporates,	the	dissolved	solids	
present	in	the	droplet	collected	into	a	single	particle.	The	size	of	the	resulting	particle	depends	on	the	size	
of	the	droplet,	the	mass	of	the	dissolved	solids	present,	and	the	density	of	the	resultant	particle.	
	
The	particulate	emissions	from	the	cooling	towers	can	be	controlled	by	minimizing	the	amount	of	water	
drift	that	occurs	and/or	minimizing	the	amount	of	dissolved	solids	in	the	water.	This	can	be	accomplished	
by	using	high	efficiency	drift	eliminators,	a	decreased	number	of	cycles	of	circulating	water	concentration,	
or	a	combination	of	both.	The	number	of	cycles	of	water	concentration	is	limited	by	the	amount	of	water	
available	for	use,	since	lower	levels	of	concentration	require	increased	cooling	tower	blowdown	and	more	
water	intake	to	offset	the	blowdown.	


Four	control	technologies	were	identified	to	limit	PM2.5	drift	from	cooling	towers.	These	include:	


 Use	of	dry	cooling	heat	exchanger	units;		
 High‐efficiency	drift	eliminators;	
 Limitation	on	total	dissolved	solid	(TDS)	concentrations	in	the	circulating	water;	and	
 Combination	of	drift	eliminator	efficiency	rating	and	TDS	limit.	


	
6.4.2 Step 2 – Eliminate Technically Infeasible Options 
	
Dry	cooling	or	non‐evaporative	cooling	towers	have	been	adopted	for	heat	rejection	at	combined‐cycle	
power	plants	in	arid	or	low	precipitation	climates.	This	type	of	cooling	tower	circulates	the	process	water	
through	a	large	bank	of	radiator	coils.	These	coils	are	cooled	by	forced	flow	of	ambient	air	on	the	outer	
finned	 surfaces	 of	 the	 radiator.	 Ambient	 airflow	 is	 driven	 by	 very	 large	 axial	 propeller	 fans,	 typically	
located	below	the	radiator	bank,	so	that	the	air	is	blown	upward	through	the	radiator	and	the	warmer	air	
exits	the	top	of	the	tower.	Because	there	is	no	contact	between	the	water	and	the	ambient	air,	and	thus	no	
opportunity	for	drift,	a	dry	cooling	tower	would	not	be	a	source	of	particulate	matter	emissions.		
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Dry	 cooling	has	been	 employed	at	primary	 combined‐cycle	power	plants	 as	 a	means	 to	 reduce	water	
consumption	rather	than	as	BACT	for	reducing	PM10	emissions.	There	is	a	very	substantial	capital	cost	
penalty	as	well	as	significant	process	changes	that	would	be	required	in	utilizing	this	control	technology.	
Because	of	the	high	capital	cost	and	process	design	changes	involved	in	using	dry	cooling,	and	that	dry	
cooling	is	not	being	utilized	at	Lake	Side,	this	option	was	determined	to	be	technically	infeasible	and	was	
eliminated	from	further	consideration.		


6.4.3 Step 3 – Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	remaining	control	options	were	ranked	in	order	from	most	to	less	stringent:	


1.	 Combinations	of	high‐efficiency	drift	eliminators	and	TDS	limit;	
2.	 High‐efficiency	drift	eliminators	to	control	drift	as	low	as	0.0005%	of	circulating	water;	
3.	 Limitation	of	TDS	concentrations	in	the	circulating	water.	
	
6.4.4 Step 4 - Evaluate Most Effective Controls and Document Results 
 
All	modern	cooling	towers	are	equipped	with	drift	eliminators.	The	drift	eliminator	forces	the	exhaust	air	
to	make	sharp	turns	before	exiting.	The	momentum	of	entrained	droplets	carries	the	droplets	to	the	drift	
eliminators	surfaces	where	they	coalesce	and	drip	back	into	the	tower.	Typically,	for	cross‐flow	designs	
the	drift	rate	will	be	less	than	0.005%	because	of	the	use	of	higher	efficiency	eliminators;	counterflow	and	
forced‐draft	counterflow	designs	routinely	achieve	0.001%.	In	using	the	drift	eliminators,	no	significant	
energy,	environmental,	or	economic	impacts	are	expected.	


The	only	control	technology	listed	in	the	EPA	BACT	Clearinghouse	database	is	the	use	of	drift	elimination	
systems	varying	from	0.0005%	to	0.001%	allowable	drift	depending	on	the	size	and	type	of	cooling	tower.	
Drift	elimination	designs	are	considered	technically	feasible.	The	drift	eliminators	in	the	cooling	towers	
at	Lake	Side	are	rated	at	0.002%	drift.	Table	6‐5	presents	a	summary	of	the	cooling	towers,	controls,	and	
corresponding	emission	rates	at	power	generating	stations	presented	in	the	RBLC	database.		
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Table 6-5 Summary of RBLC Cooling Tower Results for Power Generation Facilities 
Facility RBLC ID 


Number/Rating 
Date of 
Permit 


PM2.5 Emission 
Limit  


Control 


Entergy	Louisiana,	
LLC	
St.	Charles	Power	
Station	


LA‐0313	 08/31/2016	 1.24	lb/hr	
maximum		


High	efficiency	drift	
eliminators	‐	0.005%	
drift	rate	


Stonegate	Power,	
LLC	
Middlesex	Energy	
Center,	LLC		


NJ‐0085		
	


07/19/2016	 0.2230	lb/hr	 High	efficiency	drift	
eliminators	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	
Center		


FL‐0356		
	


03/09/2016	 None	listed	 High	efficiency	drift	
eliminators	‐		must	have	
certified	drift	rate	no	
more	than	0.0005%	


NRG	Texas	Power	
LLC	S	R	Bertron	
Electric	Generating	
Station	


TX‐0714		
	


12/19/2014	 0.0005%	drift	 High	efficiency	drift	
eliminators		


Victoria	WLE	L.P	
Victoria	Power	
Station	


TX‐0710		
	


12/01/2014	 0.0010	%	drift	 Mist	eliminators	


Moundsville	
Power,	LLC	
Moundsville	
Combined	Cycle	
Power	Plant		


WV‐0025		
	


11/21/2014	 0.010	lb/hr	 None	listed	


Southern	Power	
Company	Trinidad	
Generating	Facility	


TX‐0712		
	


11/20/2014	 0.0010	%	drift	 Mist	eliminators	


Georgia	Pacific	LLC	
Georgia	Pacific	
Breton	LLC		


AL‐0271		
	


06/11/2014	 0.230	LB/H 0.001%	drift	eliminator	


CPV	Maryland,	LLC		
CPV	St.	Charles	


MD‐0041		
	


	04/23/2014	 None	listed	 0.0005	%		recirculating	
water	flow	


	


6.4.4.1 Energy, Environmental, and Economic Impacts 
	
The	drift	eliminators	on	EU#8	and	EU#12	have	an	effectiveness	of	0.002%.	To	upgrade	with	more	efficient	
drift	 eliminators,	 costs	were	estimated	and	are	presented	 in	Appendix	A.	To	upgrade	 from	0.002%	to	
0.0005%,	 the	 cost	 effective	 per	 ton	 of	 PM2.5	 is	 over	 $124,000	 per	 tower.	 Thus,	 it	 is	 not	 economically	
feasible	 to	 upgrade	 the	 existing	 cooling	 towers	 to	 an	 ultra‐low	 drift	 rate	 of	 0.0005%.	 There	 are	 no	
anticipated	energy	or	environmental	impacts	associated	with	high‐efficiency	drift	eliminators.	
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6.4.5 Step 5 – Select BACM 
	
The	most	stringent	control	measure	identified	is	the	use	of	high	efficiency	drift	eliminators	that	will	meet	
a	drift	fraction	rate	of	0.0005%.	At	over	$124,000	per	ton	PM2.5	removed,	it	is	not	economically	feasible	
to	retrofit	the	existing	towers	with	these	drift	eliminators.		The	cooling	towers	at	Lake	Side	are	designed	
with	drift	elimination	systems	to	minimize	potential	drift	and	particulate	emissions.	BACM	for	the	Lake	
Side	 cooling	 towers	 is	 a	 drift	 fraction	 rate	 of	 0.002%.	 No	 additional	 limits	 or	 emissions	 monitoring	
techniques	are	proposed.		
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7.0  BEST AVAILABLE CONTROL MEASURE DETERMINATION ANALYSIS FOR 
VOLATILE ORGANIC COMPOUNDS 


	
Unburned	hydrocarbons	(as	VOC’s)	are	products	of	incomplete	combustion	which	occurs	when	there	is	
incomplete	oxidation	of	the	carbon	contained	in	the	fuel.	VOC	formation	is	limited	by	ensuring	complete	
and	 efficient	 combustion	 of	 the	 fuel	 in	 the	 combustion	 turbine.	 High	 combustion	 temperatures,	 good	
air/fuel	mixing,	and	adequate	excess	air	minimize	VOC	emissions.	


High	combustion	temperatures	also	increase	NOx	emissions	due	to	thermal	NOx	formation,	as	discussed	
previously.	A	good	combustor	design	will	minimize	the	formation	of	VOC	emissions	while	reducing	the	
combustion	temperature	to	minimize	NOx	emissions.	


7.1 Combustion Gas Turbines 
	
Four	 combustion	 turbines	 are	 operated	 at	 the	 Lake	 Side	 Power	 plant.	 Each	 combustion	 turbine	 is	
equipped	with	HRSGs	and	low	NOx	duct	burners.	The	Lake	Side	combined‐cycle	power	blocks	are	fired	
exclusively	with	pipeline‐quality	natural	gas.	


As	 mentioned	 above,	 VOCs	 are	 formed	 during	 the	 combustion	 process	 as	 a	 result	 of	 incomplete	
combustion	of	the	carbon	present	in	the	fuel.	The	formation	of	VOC	is	limited	by	designing	the	combustion	
system	to	complete	oxidize	 the	 fuel	carbon	to	CO2.	This	 is	achieved	by	ensuring	 that	 the	combustor	 is	
designed	to	allow	complete	mixing	of	the	combustion	air	and	fuel	at	combustion	temperatures	with	an	
excess	 of	 combustion	 air.	 Higher	 combustion	 temperature	 tend	 to	 reduce	 the	 formation	 of	 VOC	 but	
increase	the	formation	of	NOx.		


7.1.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
Potentially	available	control	technologies	were	identified	based	on	a	comprehensive	review	of	available	
literature.	 VOC	 control	 methods	 are	 categorized	 into	 two	 methods:	 combustion	 controls	 and	 post‐
combustion	control.	The	combustion	controls	 for	VOC	 formation	minimize	 the	amount	of	VOC	 formed	
from	 the	CT	and	duct	burner;	 the	post‐combustion	 controls	 reduce	 the	VOC	emissions	 in	 the	 fuel	 gas	
stream	after	VOC	has	been	formed	in	the	combustion	process.	Both	of	these	methods	can	be	used	alone	or	
in	combination	to	achieve	various	degrees	of	VOC	control.		


Several	different	types	of	emission	controls	were	identified	for	this	VOC	BACT	analysis	and	include:		


1. Good	combustion	practice;	
2. DLN	burners;		
3. Oxidation	catalysts;	
4. EMx™;	and		
5. XONON.			
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7.1.1.1 Good Combustion Practice 
	
Proper	 combustion	 practices	 include	 operation	 of	 the	 combustion	 turbines	 and	 duct	 burners	 at	 high	
combustion	 efficiencies	which	 reduces	 the	 formation	 of	VOC’s	 as	 products	 of	 incomplete	 combustion.	
Combustion	technology/design	is	a	function	of	the	efficient	operation	and	design	of	the	gas	turbines	and	
duct	 burners.	 With	 combustion	 technology/design	 control,	 formation	 of	 VOC	 is	 minimized	 through	
optimum	design	and	operation.	This	includes	proper	air‐to‐fuel	ratios,	and	a	turbine	design	that	provides	
the	 necessary	 temperature,	 mixing	 conditions	 and	 residence	 time	 in	 the	 combustion	 zone.	 Good	
combustion	practice	utilizes	“lean	combustion”	where	a	large	amount	of	excess	air	is	used	to	produce	a	
cooler	flame	temperature	to	minimize	NOx	formation	which,	at	the	same	time	insures	good	air/fuel	mixing	
with	excess	air	to	achieve	complete	combustion,	thus	minimizing	CO	emissions.	Good	combustion	practice	
can	be	used	with	DLN	combustors	which	will	be	utilized	for	minimizing	NOx	emissions.		


7.1.1.2 Dry Low-NOx Combustors 
	
VOC	 emissions	 generated	 during	 the	 combustion	 process	 are	 dependent	 upon	 the	 design	 of	 the	
combustion	 system	 including	 fuel‐to‐air	 rations	 and	 staging	 of	 combustion	 air.	 The	 use	 of	 good	
combustion	 practices	 with	 state	 of	 the	 art	 DLN	 burners	 and	 oxidation	 catalysts	 will	 reduced	 VOC	
emissions.		


7.1.1.3 Oxidation Catalyst 
	
An	oxidation	catalyst	is	typically	a	precious	metal	catalyst	bed	located	in	the	exhaust	duct.	The	catalyst	
enhances	oxidation	of	VOC	 to	CO2	without	 the	addition	of	any	reactant.	Oxidation	catalysts	have	been	
successfully	installed	on	numerous	simple‐	and	combined‐cycle	combustion	turbines.		


7.1.1.4 EMx™ 
	
EMx™	 is	a	catalytic	oxidation	and	absorption	control	 technology	 that	uses	a	platinum‐based	oxidation	
catalyst	coated	with	potassium	carbonate	(K2CO3)	 to	oxidize	and	remove	both	NOx	and	VOC	without	a	
reagent	such	as	ammonia.	The	EMx™	system	reduces	VOC	emissions	by	oxidizing	the	VOC	to	CO2.		


7.1.1.5 XONON 
	
The	 XONON	 catalytic	 combustion	 system	 potentially	 can	 lower	 VOC	 emissions	 by	 operating	 at	 lower	
temperatures.	XONON	is	a	catalytic	combustion	system	that	uses	catalysts	within	the	combustor	to	oxidize	
a	lean	air‐to‐fuel	mixture	rather	than	burning	with	a	flame.	


7.1.2 Step 2 – Eliminate Technically Infeasible Options 
	
EmeraChem	states	that	the	EMx™	process	is	scalable	and	thus,	in	theory,	can	be	considered	applicable	for	
VOC	 reduction.	 	 Commercial	 experience	 with	 the	 EMx™	 catalytic	 oxidation	 and	 absorption	 control	
technology	has	been	limited	to	combined	cycle	combustion	turbines	less	than	50	MW.		Since	there	is	no	
commercial	 experience	 of	 the	 use	 of	 EMx™	 on	 the	 size	 turbines	 that	 Lake	 Side	 is	 utilizing,	 it	 is	 not	
considered	technically	feasible	and	has	been	eliminated	from	further	consideration.	Similarly,	XONON	has	
not	been	demonstrated	on	large	scale	utility	gas	turbines	such	as	are	being	operated	by	PacifiCorp	and	is	
not	considered	technically	feasible.		
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The	 development	 of	 good	 combustion	 practices	 with	 state‐of‐the	 art	 DLN	 combustors	 are	 available,	
demonstrated,	 and	 are	 technically	 feasible	 technologies	 that	 will	 be	 further	 considered	 for	 BACT.	
Oxidation	catalysts	are	also	an	available,	demonstrated,	and	technically	 feasible	control	technology	for	
controlling	VOC	emissions	and	will	also	be	further	considered	for	BACT.		


7.1.3 Step 3 – Rank Remaining Control Technologies by Control Effectiveness 
	
The	performance	of	an	oxidation	catalyst	system	on	combustion	turbines	results	in	30%	or	greater	control	
for	 CO	 emissions.	 VOC	 control	 by	 good	 combustion	 practices	 and	 using	 DLN	 combustors	 is	 the	 least	
stringent	control	technology	considered.	


7.1.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
Applicable	BACT	clearinghouse	determinations	were	reviewed	to	determine	whether	VOC	emission	rates	
less	 than	 the	 permitted	 emission	 rate	 have	 been	 achieved	 in	 practice	 for	 other	 natural‐gas‐fired	
combustion	 turbine	 projects.	 The	 results	 of	 this	 review	 are	 presented	 in	 Table	 7‐1.	 This	 list	 is	 not	
exhaustive.	
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Table 7-1 Summary of VOC Emission Limits and Control Technologies for Combustion 
Turbines with and without Duct Burning 


Facility Facility ID 
Number 


Date of Permit VOC Emission 
Limit  


Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085	 10/04/2016	


1.0	ppmdv	
@15%O2	avg.	of	
three	one‐hr	stack	
tests	every	5	
years		


GCP	and	oxidation	
catalysts	without	
duct	burning	


2.0	ppmdv	
@15%O2	avg.	of	
three	one‐hr	stack	
tests	every	5	
years		


GCP	and	oxidation	
catalysts	with	
duct	burning	


Apex	Texas	Power	
LLC	Neches	
Station		
	


TX‐0788	(231	
MW)		


03/24/2016	 2.0	ppmvd		 Oxidation	catalyst	


Virginia	Electric	
and	Power	
Company	
Greensville	Power	
Station	


VA‐0325	(3227.0	
MMBtu/hr)	


06/17/2016	 1.4	ppmvd	
PPMVD	


GCP	and	oxidation	
catalysts	


Florida	Power	&	
Light	Okeechobee	
Clean	Energy	
Center		


FL‐0356	(350	MW	
per	turbine)	


03/09/2016	 1.0	ppmvd	
@15%O2	gas	
operation	


Complete	
combustion	
minimizes	VOC	


Decordova	II	
Power	Company	
LLC	Decordova	
Steam	Electric	
Station		


TX‐0789	(231	
MW)	


03/08/2016	 2.0	ppmvd		 Oxidation	catalyst	


CPV	Towantic,	
LLC	
CPV	Towantic	
	


CT‐0157		 11/30/2015	


1.0	ppmvd	15%O2		 Oxidation	catalyst	
without	duct	
firing	


2.0	ppmvd	15%O2	 Oxidation	catalyst	
with	duct	firing	


Mattawoman	
Energy	LLC		
Mattawoman	
Energy	Center		


MD‐0045	(286	
MW)	 11/13/2015	


1.0	ppmvd	15%O2	
3‐hr	block	
average		


Oxidation	catalyst	
without	duct	
firing	


2.0	ppmvd	
15%O23‐hr	block	
average	


Oxidation	catalyst	
with	duct	firing	


Eagle	Mountain	
Power	Company	
LLC		Eagle	
Mountain	Steam	
Electric	Station	


TX‐0751	 06/18/2015	 2.0	ppmvd		 Oxidation	catalyst	
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7.1.4.1 Energy, Environmental, and Economic Impacts 
	
There	are	three	potential	environmental	impacts	with	the	use	of	an	oxidation	catalyst	system.	First,	the	
use	of	an	oxidation	catalyst	will	require	the	replacement	of	the	catalyst	bed	after	several	years.	The	waste	
catalyst	will	have	to	be	disposed	of	 in	accordance	with	state	and	federal	regulations	regarding	normal	
waste	disposal.	Because	of	the	precious	metal	content	of	the	catalyst,	the	oxidation	catalyst	may	also	be	
recycled	to	recover	the	precious	metals.	


A	second	potential	environmental	impact	in	using	an	oxidation	catalyst	to	reduce	VOC	emissions,	is	that	a	
percentage	of	SO2	in	the	flue	gas	will	oxidize	to	SO3.	The	higher	the	operating	temperature,	the	higher	the	
SO2	to	SO3	oxidation	potential.	The	SO3	will	react	with	moisture	in	the	flue	gas	to	form	H2SO4.	The	increase	
in	H2SO4	emission	may	increase	PM2.5	emissions.		


The	third	potential	environmental	impact	of	using	an	oxidation	catalyst	is	the	oxidation	of	CO	can	result	
in	increased	CO2	emissions.	CO2	is	considered	a	greenhouse	gas	which	is	thought	to	contribute	to	global	
climate	change.	


The	installation	of	an	oxidation	catalyst	system	also	has	an	energy	impact.	The	oxidation	catalyst	system	
located	downstream	of	the	CT	exhaust	will	increase	the	backpressure	on	the	CT	which	results	in	decreased	
output.	This	decreased	output	will	lead	to	increased	emissions	of	all	pollutants	on	a	unit	power	output	
basis.		


Although	there	are	environmental	and	energy	impacts	associated	with	the	use	of	an	oxidation	catalyst	
system,	these	impacts	are	not	considered	significant	enough	to	preclude	the	use	of	this	system	for	VOC	
control	at	Lake	Side.	Lake	Side	Blocks	1	and	2	utilize	an	oxidation	catalysts	system.	A	VOC	emission	limit	
of	2.8	ppmdv	at	15%	O2	averaged	over	three	hours	has	been	established	on	Lake	Side	Block	2.			


7.1.5 Step 5 – Select BACT 
	
The	CARB’s	BACT	guidance	document	for	electric	generating	units	rated	at	greater	than	50	MW	indicates	
that	BACT	for	the	control	of	VOC	emissions	for	combined‐cycle	and	cogeneration	power	plants	is	2	ppmvd	
@	15%	O2.	The	BAAQMD’s	BACT	guidelines	specify	that,	for	natural	gas‐fired	combined	cycle	combustion	
gas	turbines	larger	than	40	MW,	a	VOC	limit	of	2	ppmvd	@	15%	O2	has	been	“achieved	in	practice.”	


The	SJVAPCD’s	BACT	guidelines	contained	a	determination	for	gas	turbines	rated	at	larger	than	50	MW	
with	uniform	load	and	with	heat	recovery.	The	SJVAPCD	concluded	that	a	VOC	exhaust	concentration	of	
2.0	ppmvd	@	15%	O2	constituted	BACT	that	had	been	achieved	in	practice,	while	1.5	ppmvd	@	15%	O2	is	
considered	technologically	feasible.	


The	 SCAQMD	 database	 contains	 BACT	 determinations	 for	 VOC	 emissions	 from	 two	 natural	 gas‐fired	
combined	cycle	combustion	gas	turbines	at	2.0	ppmvd	@	15%	O2.	


The	applicable	NSPS	(40	CFR	60	Subpart	KKKK)	does	not	include	a	VOC	limit.	


Lake	 Side	 combustion	 turbines	 are	 achieving	 BACT	 by	 utilizing	 good	 combustion	 practices,	 DLN	
combustors,	 and	 an	 oxidation	 catalyst	 system	 to	 control	 VOC	 emissions	 from	 the	 turbines	 which	 is	
considered	BACM.	A	VOC	emission	rate	of	2.8	ppmvd	@	15%	O2	(based	on	a	three‐hour	average)	is	 in	
place	for	each	turbine/HRSG	stack	from	Block	#2.	This	limit	includes	those	periods	with	supplemental	
duct	firing.	Lake	Side’s	Title	V	operating	permit	does	not	contain	a	VOC	limit	for	Block	#1	turbine/HRSG	
stacks.	No	additional	limits	or	emissions	monitoring	techniques	are	proposed.
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7.2 Auxiliary Boilers and Dew Point Heater 
	
VOC	emissions	are	minimized	by	combustion	practices	that	promote	high	combustion	temperatures,	long	
residence	times	at	those	temperatures,	and	turbulent	mixing	of	fuel	and	combustion	air.		


7.2.1 Step 1 - Identify All Existing and Potential Emission Control Technologies 
	
Potentially	available	control	technologies	were	identified	based	on	a	comprehensive	review	of	available	
literature.	The	following	VOC	control	technologies	were	evaluated	for	the	auxiliary	boilers	and	dew	point	
heater	at	the	Lake	Side	power	plant:	


> Good	combustion	practices;	
> Catalytic	oxidation;	and	
> Thermal	oxidation.	


7.2.1.1 Good Combustion Practices 
	
The	first	control	technology	identified	to	reduce	VOC	emissions	is	through	good	engineering	design	of	the	
equipment	 utilizing	 GCP.	 Good	 combustion	 practices	 for	 VOC	 include	 adequate	 fuel	 residence	 times,	
proper	fuel‐air	mixing,	and	temperature	control.	For	the	auxiliary	boilers	and	dew	point	heater,	there	will	
be	adequate	turbulence	in	the	flue	gas	which	will	ensure	good	mixing,	a	high	temperature	zone	(greater	
than	 1800°F)	 that	 will	 ensure	 complete	 burnout	 along	 with	 a	 sufficient	 residence	 time	 (one	 to	 two	
seconds)	 at	 high	 temperature	 which	will	 lead	 to	minimized	 VOC	 emissions.	 Higher	 combustion	 zone	
temperatures	favor	the	complete	oxidation	of	carbon‐containing	compounds	to	CO2	and	water.	Therefore,	
emissions	of	VOC	would	be	expected	to	decrease	at	higher	temperatures.	However,	these	practices	could	
tend	to	increase	NOx	emissions	so	a	careful	balance	is	needed.	


7.2.1.2 Catalytic Oxidation 
	
Catalytic	oxidation	 converts	VOCs	 to	CO2	and	water	 in	 the	presence	of	 a	 catalyst	 (typically	 a	precious	
metal).	The	catalyst	material	is	usually	deposited	onto	a	solid	honeycomb	substrate.	Catalytic	oxidation	
has	been	used	to	control	VOCs	on	combustion	turbines	firing	natural	gas.	Oxidation	catalysts	are	suitable	
for	gas	flows	with	minimal	particulate	loading	due	to	catalyst	fouling	issues.	Catalytic	oxidizers	are	similar	
to	a	SCR	system	 in	 that	a	catalyst	bed	 facilitates	 the	conversion	of	a	VOC	 to	CO2.	Unlike	SCR,	catalytic	
oxidizers	do	not	use	additional	chemicals	such	as	ammonia	to	facilitate	the	conversion.	


7.2.1.3 Thermal Oxidization 
	
Thermal	oxidation	oxidizes	VOCs	to	CO2	and	water	through	a	separate	combustion	process.	The	process	
breaks	 down	VOCs	 and	 oxidizes	 CO	 by	 passing	 the	 gas	 stream	 through	 a	 high	 temperature	 region.	 It	
consists	of	a	combustion	chamber,	a	burner,	and	a	heat	exchanger/shell	that	pre‐heats	the	incoming	air.	
Thermal	oxidizers	are	usually	operated	at	1,500	to	1,800°F	to	achieve	an	85	percent	reduction	in	CO	and	
greater	reduction	of	VOCs.	


7.2.2 Step 2 – Eliminate Technically Infeasible Options 
	
Catalytic	oxidation	is	a	post‐combustion	control	technology	that	utilizes	a	catalyst	to	oxidize	VOC	into	CO2	
or	H2O.	The	technology	has	most	commonly	been	applied	to	natural	gas	fired	combustion	turbines.	No	
examples	were	identified	where	oxidation	catalyst	technology	has	been	applied	to	an	auxiliary	boilers	or	
dew	point	heater.		
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Thermal	oxidation	is	applicable	only	to	gas	streams	with	high	levels	of	VOCs,	such	as	chemical	processing	
facilities,	 and	 not	 the	 low	VOC	 concentrations	 exiting	 a	well‐designed	 and	 operated	 boiler.	 A	 thermal	
oxidizer	 would	 also	 add	 VOC	 emissions	 to	 the	 exhaust	 gas.	 Therefore,	 this	 control	 technique	 is	 also	
considered	technically	infeasible.	


Thus,	the	remaining	control	technology	is	good	combustion	practices	which	will	be	evaluated	further.	


7.2.3 Step 3 – Rank Remaining Control Technologies by Control Effectiveness 
	
Good	 combustion	 practice	 is	 the	 only	 feasible	 control	 strategy	 identified,	 and	 has	 historically	 been	
selected	as	BACT	for	VOC	emissions	from	auxiliary	boilers	and	dew	point	heaters.		


7.2.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
The	 EPA’s	 RBLC	 and	 other	 state	 agency	 recently	 issued	 permits	 were	 reviewed.	 Good	 combustion	
practices	 and	 use	 of	 clean	 burning	 fuels	 such	 as	 pipeline‐quality	 natural	 gas	 was	 identified	 as	 the	
technologies	to	control	VOC	emissions	for	the	auxiliary	boilers	and	dew	point	heaters	of	the	sizes	that	are	
being	operated	at	Lake	Side.	Table	7‐2	shows	typical	BACT	VOC	emission	rates	and	control	technologies	
utilized	to	achieve	the	listed	emission	rates	for	natural	gas	fired	boilers	less	than	100	MMBtu/hr	range.		
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Table 7-2 Summary of VOC Emission Limits and Control Technologies for Auxiliary Boiler 
and Dew Point Heater 


Facility Facility ID 
Number 


Date of Permit VOC Emission 
Limit  


Control 


Rextac,	LLC	
Odessa	
Petrochemical	
Plant	


TX‐0813	 11/22/2016	 0.0005	MMBtu/hr	
Best	combustion	
practices	


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085		
(97.5	MMBtu/hr)	


07/19/2016	
0.488	lb/hr	avg.	3	
one‐hour	stack	
tests	


Clean	burning	
fuels	


PSEG	Fossil	LLC	
Sewaren	
Generating	
Station	


NJ‐0084		
(80	MMBtu/hr)	


3/10/2016	 0.32	lb/hr	–	
average	of	3	one‐
hour	stack	tests	


GCP,	clean	
burning	fuels	


Mattawoman	
Energy,	LLC	
Mattawoman	
Energy	Center	


MD‐0045		
(42	MMBtu/hr)	


11/13/2015	 0.0017	lb/MMbtu	
3‐hour	block	
average	


GCP,	exclusive	use	
of	natural	gas	


Constellation		
Alloy	Plant	


AL‐0307	
(17.5	MMBtu/hr)	


10/09/2015	 0.006	lb/MMBtu	 GCP	


Black	Hills	Power	
Inc.	Cheyenne	
Prairie	Generating	
Station	


WY‐0075		
(23.06	
MMBtu/hr)	
	


07/16/2014	
	


0.0017	lb/MMBtu	
three‐hour	
average	


GCP	


Keys	Energy	
Center,	LLC	
Keys	Energy	
Center	


10/31/2014		
(93	MMBtu/hr)	


10/31/2014	 0.0020	lb/MMbtu	
30hour	average	


GCP,	clean	
burning	fuels,	
efficient	boiler	
design	


CPV	Maryland,	
LLC	
CPV	St.	Charles	


MD‐0041		
(93	MMBtu/hr)	
	


04/23/2014	
	


0.0020	3‐hr	
average	


Pipeline	quality	
natural	gas,	GCP	


Old	Dominion	
Electric	Corp.	
Wildcat	Point	
Generating	
Facility	


MD‐0042		
(45	MMBtu/hr)	


04/08/2014	 0.0033	lb/MMBtu	
3‐hour	block	avg.	


Pipeline	quality	
natural	gas,	GCP	


	


7.2.4.1 Energy, Environmental, and Economic Impacts 
	
With	the	use	of	GCP,	no	adverse	economic,	energy,	or	collateral	environmental	impacts	are	identified	that	
preclude	the	use	of	this	control	option.		


7.2.5 Step 5 – Select BACM 
	
As	seen	from	Table	7‐2,	the	most	stringent	control	is	the	use	of	good	combustion	practices	achieving	an	
emission	rate	of	0.0017	lb/MMBtu	based	on	a	3‐hour	block	average.	The	VOC	emission	limit	listed	for	the	
Rextac	 Odessa	 Petroleum	 Plant	 of	 0.0005	 MMBtu/hr	 is	 listed	 as	 draft	 in	 RBLC	 and	 has	 not	 been	
demonstrated	in	practice	so	this	limit	was	not	considered	as	most	stringent.			
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The	SJVAPCD’s	BACT	determination	for	boilers	in	this	size	range	at	Lake	Side	with	variable	loads	shows	
that	the	use	of	natural	gas	fuel	is	considered	to	be	BACT	for	VOCs.	The	BAAQMD	has	determined	that	BACT	
for	boilers	in	this	size	range	is	the	use	of	good	combustion	practices	for	VOC	control.	


BACM	for	 the	auxiliary	boilers	and	dew	point	heaters	 is	efficient	boiler	design,	use	of	pipeline‐quality	
natural	gas	and	good	combustion	practices.	The	Lake	Side	Block	#2	has	a	VOC	limit	of	0.006	lb/MMBtu	
based	on	a	three‐hour	testing	average;	no	limit	exists	for	the	auxiliary	boiler	at	Block	#1.		No	additional	
limits	or	emissions	monitoring	techniques	are	proposed.	
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7.3 Emergency Diesel Engines 
	
VOC	emissions	are	primarily	the	result	of	incomplete	combustion	of	the	diesel	fuel.	These	emissions	occur	
when	there	is	a	lack	of	available	oxygen,	the	combustion	temperature	is	too	low,	or	if	the	residence	time	
in	the	cylinder	is	too	short.	


7.3.1 Step 1 - Identify all Existing and Potential Emission Control Technologies 
	
The	 following	 control	 options	were	 evaluated	 for	 controlling	 VOC	 emissions	 from	 the	 CI	 combustion	
engines.	They	include:	good	combustion	practices	and	the	post‐combustion	control	technologies	of	diesel	
oxidation	catalysts.		


7.3.1.1 Good Combustion Practices 
	
Good	combustion	practices	refer	to	the	operation	of	engines	at	high	combustion	efficiency	which	reduces	
the	 products	 of	 incomplete	 combustion.	 The	 proposed	 emergency	 generator	 is	 designed	 to	 achieve	
maximum	combustion	efficiency.	The	manufacturer	will	provide	operation	and	maintenance	manuals	that	
detail	the	required	methods	to	achieve	the	highest	levels	of	combustion	efficiency.		


7.3.1.2 Diesel Oxidation Catalyst 
	
A	diesel	oxidation	catalyst	(DOC)	is	a	flow‐through	metal	or	ceramic	substrate	coated	with	platinum	or	
other	precious	metals.		The	diesel	oxidation	catalyst	sits	in	the	exhaust	stream	and	all	exhaust	from	the	
engine	passes	through	it.	The	catalyst	promotes	the	oxidation	of	unburned	CO	and	HC	(as	VOC)	 in	the	
exhaust	producing	CO2	and	water.	Diesel	oxidation	catalysts	are	commercially	available	and	reliable	for	
controlling	VOC	emissions	from	diesel	engines.	


7.3.2 Step 2 - Eliminate Technically Infeasible Options 
	
The	control	technologies	identified	in	Step	1	are	technically	feasible.		


7.3.3 Step 3 - Evaluate Control Effectiveness of Remaining Control Technologies 
	
The	control	effectiveness	of	each	identified	control	technology	is	as	follows:	


> Diesel	oxidation	catalyst	–	95%	
> Combustion	controls	–	baseline	


	
7.3.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
For	diesel	engines,	oxidation	catalysts	are	often	combined	with	particulate	filters.	This	can	be	done	by	
applying	 the	 catalysts,	 which	 are	 typically	 platinum	 based,	 to	 a	 particulate	 filter.	 Another	 common	
approach	 is	 to	 separate	 oxidation	 catalysts	 upstream	 of	 the	 particulate	 filters.	 The	 oxidation	 catalyst	
creates	heat	by	oxidizing	unburned	hydrocarbons	and	shifts	NOx	creating	a	favorable	environment	for	the	
particulate	filters	to	regenerate.		
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7.3.4.1 Energy, Environmental, and Economic Impacts 
	
The	 highest	 ranking	 control	 option,	 DOC,	 can	 reduce	 VOC	 emissions	 up	 to	 95%.	 A	 cost	 effectiveness	
evaluation	for	this	top	ranking	option,	in	costs	per	ton	of	VOC	removed,	is	presented	in	Table	7‐3	and	in	
Appendix	 A.	 The	 cost	 effectiveness	 of	 an	 oxidation	 catalyst	 includes	 general	 maintenance,	 assuming	
proper	operation	of	the	system.		


Table 7-3 Cost Effectiveness of Installing DOC on Emergency Diesel Engines for VOC 
Control 


Equipment Cost Effectiveness 
($/Ton) 


Emergency	Generator	#1	(EU#6)	 	$								2,645,260		
Emergency	Fire	Pump	(EU#7)	 	$								2,645,260		
Emergency	Generator	#2	(EU#14)	 	$								2,627,625		


	
If	poisoning	of	the	catalyst	occurs,	replacement	of	the	catalyst	will	occur	more	frequently	which	increases	
the	cost	of	control.	In	addition,	engine	valves/heads	beyond	the	typical	maintenance	schedule	will	add	to	
the	maintenance	costs.	


7.3.5 Step 5 – Proposed BACM 
	
As	mentioned	above,	California	has	the	most	aggressive	emission	reduction	standards	for	diesel	engines.	
The	MSC	method	includes	the	use	of	DOCs	to	reduce	VOC	emissions	as	well	as	the	use	of	ultra‐low	sulfur	
fuel,	limited	hours	of	operation,	and	good	combustion	practices	and	engine	maintenance.	(See	RBLC	ID	
NJ‐0085	and	NJ‐0084	which	indicates	these	controls	to	be	LAER).	


40	 CFR	 60,	 Subpart	 IIII	 applies	 to	 engines	 which	 commenced	 construction	 after	 7/11/2005	 and	 are	
manufactured	after	4/1/2006	(for	non‐fire‐pump	engines),	or	an	engine	modified	or	reconstructed	after	
7/11/2005.	Subpart	IIII	applies	to	the	emergency	diesel	equipment	at	the	refinery.		


At	 over	 $2.6	 million	 per	 ton	 VOC	 removed,	 diesel	 oxidation	 catalysts	 are	 not	 cost	 effective	 for	 the	
emergency	generators	or	the	fire	water	pump	at	the	Lake	Side	Power	Plant.	BACM	was	determined	to	be	
limited	hours	of	operation	of	the	diesel	engines	(100	hours	per	year	for	each	engine),	the	use	of	ultra‐low	
sulfur	diesel,	and	good	combustion	practices.	Engines	will	be	maintained	and	operated	in	accordance	with	
manufacturer	 recommendations.	 Records	 of	 maintenance	 and	 hours	 of	 operation	 are	 kept.	 A	 non‐
resettable	 totalizer	 is	 installed	 on	 each	 emergency	 diesel	 engine.	 No	 additional	 limits	 or	 emissions	
monitoring	techniques	are	proposed.
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8.0  BEST AVAILABLE CONTROL MEASURE DETERMINATION ANALYSIS FOR 
AMMONIA 


	
BACM’s	were	evaluated	for	ammonia	emissions	from	the	SCR’s	that	are	used	to	control	emissions	from	
the	combustion	turbines.		


8.1 Combustion Gas Turbines 
	
Ammonia	(NH3)	emissions	from	the	combustion	gas	turbines	are	a	result	of	the	ammonia	slip	from	add‐
on	control	devices	to	reduce	NOx	emissions	such	as	SCR	or	SNCR’s.	Ammonia	slip	refers	to	emissions	of	
unreacted	ammonia	that	result	from	the	incomplete	reaction	of	the	NOx	and	the	reagent.	


There	 are	 two	 basic	 processes,	 thermal	 and	 catalytic,	 for	 using	 ammonia	 injection	 to	 control	 NOx	
emissions	 from	lean	burn	combustion	equipment	such	as	gas	 turbines.	The	thermal	process	(SNCR)	is	
effective	 only	 at	 temperatures	 greater	 than	 approximately	 1400°F	 although	 enhancers	 are	 being	
developed	to	allow	operation	at	 turbine	exhaust	 temperatures.	This	 is	higher	than	normal	gas	turbine	
exhaust	temperatures	of	1000°F	and	is	achievable	only	by	reheating	the	gas	turbine	exhaust	in	a	device	
such	 as	 a	 duct	 burner.	 The	 catalytic	 process,	 SCR	 operates	 in	 an	 optimum	 temperature	 window	 of	
approximately	 650	 ‐	 850°F.	 In	 either	 process,	 some	 unreacted	 ammonia	 passes	 through	 to	 the	
atmosphere.	This	unreacted	ammonia	is	referred	to	as	“slip”.	Typically,	the	amount	of	ammonia	slip	can	
vary	from	almost	zero	in	a	well‐controlled	stable	system	with	moderate	conversion	efficiency	(less	than	
90%)	to	30	ppmv	or	more	in	systems	requiring	very	high	conversion	efficiencies	or	in	poorly	controlled	
or	highly	variable	systems.	NOx	emissions	from	the	Lake	Side	gas	combustion	turbines	are	controlled	by	
SCR’s;	thus	this	review	will	focus	on	ammonia	slip	from	SCR’s.		


8.1.1 Step 1 – Identify all Existing and Potential Emission Control Technologies 
	
Ammonia	emissions	result	from	the	use	of	ammonia‐based	NOx	control	technologies.	These	technologies	
are	discussed	above,	in	Sections	4.1.1.1	through	4.1.1.7.	


8.1.2 Step 2 – Eliminate Technically Infeasible Options 
	
Based	on	the	discussion	above	in	Section	4.1.2,	the	remaining	feasible	NOx	control	technologies	were	the	
use	of	SCR	with	DLN	combustors.		


8.1.3 Step 3 – Evaluate Control Effectiveness of Remaining Control Technologies 
	
SCR	with	DLN	combustors	was	the	highest	ranking	control	technology	reduce	NOx	emissions.		


8.1.4 Step 4 - Evaluate Most Effective Controls and Document Results 
	
SCR	has	been	achieve	 in	practice	at	numerous	combined	cycle	gas	 turbine	 installations.	Ammonia	slip	
associated	 with	 SCR	 system	 operation	 results	 from	 a	 gradual	 decline	 in	 catalyst	 activity	 over	 time,	
requiring	the	use	of	increasing	amounts	of	ammonia	injection	to	maintain	NOx	concentrations	at	or	below	
the	design	rate.		


	


	







04171736 8-2	 MSI Trinity 


	


The	parameters	of	NOx	 concentration,	 catalyst	 life,	and	ammonia	 slip	are	 integrally	 related.	Generally,	
catalyst	performance	is	specified	as	being	a	particulate	NOx	concentration	guaranteed	for	three	years	with	
a	maximum	slip	of	10	ppm.		The	catalyst	will	degrade	over	time	such	that	at	the	end	of	3	years,	for	example,	
ammonia	slip	will	increase	to	not	more	than	10	ppm	while	maintaining	NOx	concentrations	at	or	below	2	
ppm.		


Applicable	BACT	clearinghouse	determinations	were	reviewed	to	determine	the	NH3	emission	rates	that	
have	been	achieved	in	practice	for	other	natural‐gas‐fired	combustion	turbine	projects.	The	results	of	this	
review	are	presented	in	Table	8‐1.	This	list	is	not	exhaustive.	


Table 8-1 Summary of NH3 Emission Limits for Combustion Turbines with and without Duct 
Burning 


Facility Facility ID 
Number 


Date of 
Permit 


NH4 Emission Limit  NOx Control 


Stonegate	Power,	
LLC	Middlesex	
Energy	Center		


NJ‐0085	 10/04/2016	


5.0	ppmvd	3‐hour	
rolling	average	based	
on	one	hr	block	
average	


SCR,	DLN(NOx	limit	2	
ppmv	at	15%	O2	based	
on	a	3‐hr	rolling	avg.	
normal	operation	with	
no	duct	burning)	


5.0	ppmvd		 SCR,	DLN	(NOx	limit	2	
ppmv	at	15%	O2	based	
on	a	3‐hr	rolling	avg.	
normal	operation	with	
duct	burning)	


CPV	Towantic,	
LLC	
CPV	Towantic	


CT‐0157	 11/30/2015	 2.0	ppmvd	 SCR	(NOx	limit	2	ppmv	at	
15%	O2)	


Mattawoman	
Energy	LLC		
Mattawoman	
Energy	Center		


MD‐0045		 11/13/2015	


5.0	ppmvd	15%O2	of	
three	test	runs		


SCR,	DLN,	GCP	
(NOx	limit	2	ppmv	at	
15%	O2)	


Keys	Medical	
Center,	LLC	
Keys	Medical	
Center	


MD‐0046	 10/31/2014	


5.0	ppmvd	15%O2	of	
3	test	runs	or	24	
hour	average	


SCR,	DLN,	GCP	
(NOx	limit	2	ppmv	at	
15%	O2	based	on	a	3‐hr	
block	avg.	–	with	and	
without	duct	firing)	


Footprint	Power	
Salem	harbor	
Development	LP,	
Salem	Harbor	
Station	
Redevelopment		


MA‐0039 	 01/30/2014	 2.0	ppmvd	1‐hour	
block	average	(does	
not	apply	to	startup	
or	shutdown)		


SCR,	DLN	(NOx	limit	2	
ppmv	at	15%	O2	based	
on	a	1‐hr	block	avg.	with	
duct	burning	


Berks	Hollow	
Energy	
Association	LLC	
Ontelaunee		
	


PA‐0296	 12/17/2013	 5.0	ppmvd		 SCR	(NOx	limit	131.6	
TPY)	


Sunbury	
Generation	LP,	
Sunbury	SES	


PA‐0288	 04/01/2013	 5.0	ppmvd		 SCR	(2	ppmv	NOx	limit	
with	duct	burners)	
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8.1.4.1 Energy, Environmental, and Economic Impacts 
	
While	there	are	energy,	environmental,	and	economic	impacts	associated	with	the	use	of	a	SCR,	SCR	has	
been	determined	to	be	BACM	for	the	reduction	of	NOx	emissions	from	the	gas	turbines.	These	impacts	
were	determined	to	not	be	significant	enough	to	preclude	the	use	of	SCR	for	NOx	emission	control.	Since	
the	top	control	was	chosen	for	NOx	reduction,	an	assessment	if	the	energy,	environmental,	and	economic	
impacts	is	not	necessary.	


8.1.5 Step 5 – Select BACM 
	
Ammonia	slip	limits	of	10	ppm	are	considered	BACT	for	SCR‐based	controls.	Thus,	for	Lake	Side,	a	10	ppm	
ammonia	 limit	 is	 proposed	 for	Blocks	#1	 and	#2.	 This	 limit	 is	 based	on	Lake	 Side’s	 catalyst	which	 is	
designed	with	end	of	life	ammonia	slip	of	10	ppmvdc.	With	regular	tunings,	PacifiCorp	should	be	able	to	
meet	current	NOx	permit	limits	while	not	exceeding	an	ammonia	slip	of	10	ppmvdc.	


Catalysts	are	cleaned,	inspected,	and	tested,	as	needed.	Also,	the	ammonia	injection	system	is	tuned	by	an	
external	testing	organization,	as	needed.	The	rate	of	ammonia	that	is	injected	is	based	on	the	outlet	NOx	
concentrations	 at	 Block	#1	 and	 on	 the	 feed	 forward	 of	 the	 inlet	NOx	 concentration	 and	 the	 flow	 rate	
trimmed	based	on	outlet	NOx	concentration	at	Block	#2.	


Although	Table	8‐1	lists	ammonia	emission	limits	of	5.0	ppmvd,	this	is	not	considered	BACM	for	Lakeside.	
For	Lake	Side,	BACM	for	ammonia	is	a	10	ppm	slip	based	on	the	vendor	catalyst	guarantee	and	proper	
operation	 of	 the	 SCR	 to	 achieve	 the	 permitted	 NOx	 emission	 rates.	 No	 additional	 limits	 or	 emissions	
monitoring	techniques	are	proposed.	







 
 
 


APPENDIX A 
	


Cost Analyses 







Cost to Retrofit Emergency Diesel Engines with Diesel Particulate Filters, SCR, and Oxidation Catalysts
PacifiCorp Lake Side Power Plant


Rating Rating DPF Retrofit1 SCR Retrofit2 OC Retrofit1 PM2.5 NOX  VOC PM2.5 NOX VOC PM2.5  NOX VOC
(HP) (KW) ($/KW) ($/KW) ($/KW) DPF  SCR OC TPY TPY TPY TPY TPY TPY TPY TPY TPY PM2.5 NOx  VOC 


1500 HP Generator #1 1500 1119 47 350 118 52,572$    391,493$   131,989$  0.052 1.788 0.053 0.0078 0.0894 0.0026 0.044 1.699 0.050 1,185,987$   230,480$    2,645,260$  
1500 HP Generator #1 1500 1119 47 350 118 52,572$    391,493$   131,989$  0.052 1.788 0.053 0.0078 0.0894 0.0026 0.044 1.699 0.050 1,185,987$   230,480$    2,645,260$  
290 HP Fire Pump  290 216 47 350 118 10,164$    75,689$     25,518$    0.010 0.348 0.010 0.0015 0.0174 0.0005 0.009 0.331 0.010 1,178,081$   228,943$    2,627,625$  


Assumptions:
1 Includes component and installation costs
Source ‐ Discussion with Steve Loci on 3/27/2017, Wheeler Machinery, 801‐974‐0511
Diesel Particulate Filters ‐ $47KW includes installation and labor costs
SCR ‐ $300 KW plus $50 KW for installation and labor costs
Oxidation Catalysts ‐ $118 KW which includes installation and labor costs
Urea ‐ $1 KW
PTE emissions based on 50 operating hours per year and Title V permit application
DPF ‐ 85% reduction, 95% VOC reduction


Capitol CostDiesel Emergency 
Equipment


Uncontrolled PTE Controlled PTE Emission Reduction Cost Effectiveness
($/ton)







Cost Analysis ‐ Upgrading Cooling Towers from Low Efficiency Drift Eliminators to High Efficiency Drift Eliminators
PacifiCorp ‐ Lake Side Power Plant


Total PM2.5 Emissions PM2.5 Emissions Emission Cost 
Annual Before  After Reduction Effectiveness


CT ID Dimension 1 Dimension 2 Ft^2 30 $/ft^2 for .0005 % circ mobe/demobe/shipping Capitol Cost Cost1 Control (tn/yr) Control (tn/yr) (tn/yr) ($/ton)
Block 1 96.0 240.0 23040.0 691,200.00$                              50,000.00$                             741,200$     741,200$     7.9600 1.9900 5.9700 124,154$               
Block 2 104.0 253.5 26364.0 790,920.00$                              50,000.00$                             840,920$     840,920$     7.9600 1.9900 5.9700 140,858$               


Assumptions:
Existing cooling towers have  0.002% version drift eliminator
Drift efficiency of 0.0005% ‐ approximately $30/sqft installed (estimated)
Block 1 ‐ 96' x 240' x 48' (O&M manual)
Block 2 ‐ 104' x 253' 6"x 48' 3.75" (drawing)
Block 1 emissions used for Block 2
Cost estimate obtained from Cooling Tower Depot, Inc. Lees Summit MO 


Drift Eliminator







NOx Cost Analysis to Upgrade Auxiliary Boiler #1 with ULNB


62.765 MMBtu/hr Boiler


ULNB Factor Basis for Cost
Upgrade and Factor


Direct Costs:
Puchased Equipment:
Primary and Auxiliary Equipment (PE) 100,000$                 
Sales Tax 6,000$                     6% of PE OTC-LADCO 2008
Freight 5,000$                     5% of PE OTC-LADCO 2008
Total Purchased Equipment Cost (PEC) 111,000$                 


Direct Installation
Electrical, Piping, Insulation and Ductwork 44,400$                   40% of PEC OTC-LADCO 2008
Total Direct Installation (DI) 44,400$                   
Total Direct Cost (DC) 155,400$                 


Indirect Installation Costs


Engineering and Project Management, 
Construction and Field Expenses, Contractor 
Fees, Startup Expenses, Performance Tests, 
Contingencies 67,710$                   61% of PEC OTC-LADCO 2008
Total Indirect Cost 67,710$                   


Total Installed Cost (TIC) 223,110$                 
NOx Emissions Before Control, lb/MMBtu 0.013


NOx Emissions Before Control, tn/yr 3.57
NOx Emissions After Control, lb/MMBtu 0.009
Control Efficiency (%) 60
NOx Emissions After Control, tn/yr 2.47


NOx Emission Reduction, tn/yr 1.10


Annual Costs, $/year (Direct + Indirect)
Direct Costs
Operating Labor 6,693$                     3% of capitol cost
Raw materials -$                        
Replacement Parts 6,693$                     3% of capitol cost
Total Direct Costs, $/year 13,387$                   


Indirect Costs
Overhead 4,016$                     60% of labor costs
Taxes, Insurance, and Administration 8,924$                     4% of total installed cost 
Capitol Recovery 29,332$                   10%, 15 years, CRF-.13147
Total Indirect Costs, $/year 42,273$                   
Total Annual Cost 55,659$                   
Cost Effectiveness, $ per ton NOx reduction 50,599.32$              


Estimated
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